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Utility Avoided Costs in Arkansas: 

Present and Future Implications for Developing Renewable Energy 

 

1. Introduction 

 

The issue of avoided costs is regularly raised in the electric utility industry as a 

rationale for deferring a major role for renewable energy in the supply of electricity 

to Arkansas’s customers.  At least 29 other states have renewable energy policies 

that encourage the growth of the alternative energy sector,
1
 but Arkansas has only 

begun to address the regulatory process for a future renewable sector. 

As the state moves forward from its initial orders on energy efficiency in 2011 to 

consider the scope of a Renewable Electricity Standard (RES), the issue of the 

utilities’ avoided costs will be crucial in shaping the type of RES that is 

considered.  As the state reviews future requests to replace older power plants, it 

must also consider the likelihood that new plants will face pending state and 

federal regulations regarding air and water quality – e.g., carbon and mercury 

emissions – and other waste regulations that will change the relative cost structure 

of traditional and renewable energy sources.  Yet utilities generally have not been 

forthcoming about the nature of their generation costs, making it difficult for the 

public to investigate their cost claims during rate hearings. 

The present study evaluates the role of avoided costs in RES policy in other states.  

After reviewing methodologies and policies used by other states, two sets of 

technologies will be profiled.  The first establishes the characteristics of traditional 

generating facilities, such as coal and gas-fired plants.  The second set features 

renewable energy resources, such as wind and biomass.  Using the Economic 

Input-Output Life Cycle Analysis (EIOLCA) model, the energy use and total cost 

of each technology – not just the generating cost and cost of raw materials and 

fuels such as coal and natural gas – is analyzed and compared to understand the 

relative merits of each.  Specifically, the avoided costs of traditional energy 

sources are profiled against the potential utilization of renewable sources. 

                                                      
1
 As of May 2012, another eight states have set renewable energy goals outside of an established RES or renewable 

portfolio standard (RPS).  See Energy Information Administration, U.S. Department of Energy, “DSIRE” data base, 

available on-line at www.dsireusa.org. 
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2. General Concepts about Avoided Costs 

As a term of art in economics, the concept of avoided costs does not have a long 

history.  In the electric utility industry, the concept arises from the federal 

legislation of the 1970s known as PURPA (Public Utility Regulatory Policies 

Act).
2
  One author summarized the idea for a traditional utility as follows: 

 

In this context, avoided cost is defined as the cost of the next 

incremental unit of electricity for a utility that is adding capacity.  

This method of calculation is applicable to the cost of any increase in 

purchased capacity or services and generally reflects current market 

prices.
3
 

Traditional Production-Cost Concepts 

So in this sense, the concept is not substantially different from the economist’s 

definition of marginal costs: i.e., “marginal cost equals the increase in Total Cost 

divided by the increase in Output.”
4
  In other words, the production of the next 

kilowatt of electricity increases the utility’s cost of operation by a (small) amount, 

and that amount is its avoided cost if it does not have to produce the extra kilowatt. 

Of course, the concept is easier to define than it is to measure in the real-world 

context of a utility company with multiple sources of energy production and a 

constant challenge of maintaining a consistent and reliable supply of energy to its 

customers.  Thus, utility managers are likely to define avoided costs in a slightly 

different and more complicated fashion, for example by citing the definition 

promulgated by the Federal Energy Regulatory Commission (FERC):  avoided 

costs are the “incremental costs to an electric utility of electric energy or capacity 

which, but for the purchase from the qualifying facility or qualifying facilities, 

such utility would generate itself or purchase from another source.”
5
  

                                                      
2
 16 USCA 92601 et seq.: see also Ark. Code Ann. 323-3-701 et seq. 

3
 John Canney, “An Economic Modeling of Avoided Costs,” Environmental Finance Center, Sept. 22, 2009, p. 2. 

4
 George Stigler, The Theory of Price, MacMillan, Third Edition, 1966, p. 136. 

5
 18 CFR §292, 10I(b)(6).  A qualifying facility (QF) is defined as either a small generating facility with a primarily 

renewable source of energy or a facility of any size that uses cogeneration to produce electricity and another form of 

thermal energy. Cogeneration (CHP) describes an industrial process that creates both thermal energy and electric 

energy in a more efficient manner than if both energies were produced separately. 
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In addition, another complicating factor in measuring avoided costs is that existing 

facilities may need to be replaced or expanded, and this will generate additional 

capacity costs for the utility.  In these cases, measuring the avoided costs could 

require the use of average costs and other historical data to arrive at a fair and 

accurate cost estimate for new generation facilities.  Average cost is a wholly 

different economic concept and is defined as follows: “the Total Cost divided by 

the (total) number of … units produced.”
6
 

 

 

 

 

 

 

 

 

 

 

  

                                                                                                                                                                           
 
6
 Paul Samuelson, Economics, McGraw-Hill, 10

th
 Edition, 1976, p. 469. 

In the midst of technical considerations about various cost approaches, kWh 

comparisons, etc., it may be useful to acknowledge that all sides in the clean energy 

debate share an interest in providing energy in a sustainable fashion for the long-term 

benefit of producers and customers alike.  Recent business theory has begun to focus 

on the idea of “the Commons” – not to be confused with the earlier economists’ 

dilemma of “the tragedy of the commons” -- whereby a healthy business climate 

depends on protecting the value of the natural resources that we all share.  As one 

writer put it: “What makes the commons come alive are human relationships – the 

dynamic interactions of people working together to address shared needs.  (The 

commons is) the total inheritance of humankind upon which life depends.”
 * 

*Leo Burke, “A Common Matter,” Kosmos, Fall-Winter 2010. 

http://www.kosmosjournal.org/bios/leo-burke
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So we may include a factor for the costs of capacity increases and another for 

simpler energy-demand increases, knowing the latter case is similar to the concept 

of marginal costs and that the capacity case may involve the use of both marginal 

costs and average costs.  Topically, many diverse types of costs can be included in 

the avoided cost calculations, such as: 

 

Purchased electricity; 

Purchased resources, such as coal, natural gas, oil, etc.; 

Transport of the resources to the generation site; 

Transmission-line costs; 

Long-term hedging; 

Landfills for solid waste; 

Transporting waste products; 

Landfill closure and post-closure costs; and 

Regulatory compliance and legal work.
7
 

 

Role of Externalities in Production Costs 

Once the decision is made to incorporate the price of some externalities into the 

cost structure of the utility, these costs become “internalized” and may become part 

of the rate base for future requests to the regulatory commission.  Nationally and in 

Arkansas, this was the case for the introduction of SO2 scrubbers that were a 

response to the Clean Air Act (discussed elsewhere in this report).  Hence we have 

the concept of “adders” that can be used in combination with traditional avoided 

cost calculations. 

On September 1, 2003, (Entergy) included adders for the costs of 

SO2 emissions allowances, as well as for O&M costs, in the 

determination of avoided costs. These adders reflect costs that are 

actually incurred when power is generated, and are costs that are 

actually avoided if power is not generated because of the QF Put. 

Both the SO2 emissions allowance and the O&M adders are specified 

in Service Schedule MSS-3 of the Entergy System Agreement. The 

incorporation of the O&M and SO2 emission allowance adders is also 

consistent with the APSC Cogeneration Rules.
8
 

 

                                                      
7
 Canney, p. 1. 

8
 Direct Testimony of Thomas W. Townsend, Senior Wholesale Executive, Entergy Services, Inc., before the APSC, 

Docket No. 04-1 13-U, Feb. 17, 2005, p. 22. 
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The concept of adders creates a policy tension between the socially-desirable 

policy of encouraging less polluting energy production (including relying on more 

non-polluting resources like wind and solar) on the one hand, and protecting 

customers’ rates by not forcing utilities to overpay for QF-supplied energy from 

cleaner sources.  This tension has been resolved historically by decisions of the 

PSC, and as we shall see it resulted in few initiatives that promoted renewable 

energy. 

Regulatory Nature of Avoided Costs 

 

In Arkansas, Entergy describes its approach to avoided costs based on the 

“dispatch” model, where dispatch refers to the process of sending electricity to 

customers from a mixture of generation resources that may be employed at any one 

time or season.  After adjustments are made to the dispatch model based on 1) 

operating conditions and limitations of Entergy’s generating units and 2) removing 

the costs associated with off-system sales by the utility, the modified model is used 

as follows: 

 

… the economic dispatch model is used to determine the combination 

of System owned generating units and wholesale power purchases that 

would have been used to meet the Operating Companies’ load, but for 

the presence of the energy supplied by QFs. The difference in the fuel 

and purchased power costs between these two cases, divided by the 

amount of the QF Put, is the avoided cost on a dollar per MWh basis.
9
 

 

The dispatch model is only one of several approaches that state regulators have 

chosen to use in climbing the avoided-cost mountain.  Actually, the Entergy model 

was initially developed under the auspices of the Louisiana PSC and is now used 

by the company in both states.
10

 

As mentioned above, it is difficult to obtain detailed information on the actual 

utility costs per kWh or the cost components of its avoided costs in 2012.  

According to documents filed with the APSC, it appears that the latter costs range 

annually from $0.03342 to $0.03651 per kWh depending on time of the year and 

                                                      
9
 Direct testimony of J. Stephen Dingle, Manager, Regulatory Strategy, Entergy Services, Inc. before the APSC, 

Docket No. 04-1 13-U, Feb. 17, 2005, p. 17. 
10

 See Pine Bluff Energy, LLC’s First Set of Data Requests To Entergy Arkansas, Inc. before the APSC, Docket No. 

04-1 13-U, Feb. 1, 2005, p. 18. 
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whether the deliveries are at peak or off-peak times.
11

  This average is consistent 

with, if somewhat lower than, other utility avoided costs in the region, such as the 

Alabama Power cost ($0.0398 to $0.0579, as shown in Figure 1) used in the recent 

purchase of wind power from Nordex that was announced in September 2011.
12

   

 

A recent projection by the American Council for an Energy Efficient Economy for 

the Arkansas Energy Office showed avoided resource costs (including energy and 

capacity costs) rising steadily from $0.035 in 2009 to $0.096 in 2025, and energy-

only avoided costs rising from 0.023 to 0.084 during the same period (see 

Appendix A).  Looking at the price trends for coal – especially from western fields 

like the Power River Basin – it is easy to see why future costs could be rising 

dramatically.  The U.S. Department of Energy projects that western coal will 

increase in price by about 30 percent in the next 25 years (see table, Appendix B). 

 

However, the utilities have maintained that these kWh costs are higher than the 

actual cost of a foregone unit produced, if one uses a marginal cost approach for 

the comparison.  While no contemporary data were offered by Entergy for this 

study, a 2003 comparison is available from the APSC records.  In that report, 

Entergy’s wholesale executive indicated that the cost of the next 1,000 kWh 

delivered (i.e., produced or purchased) averaged about $0.015 per kWh, which is a 

sizeable discount from the avoided cost in use that year of about $0.04 per kWh 

(see Figure 2: note that units are mW per hour).
13

 

 

Yet these are narrowly defined costs that, by the utility’s own definition (and 

traditional FERC rulings) only include the direct costs of delivered power.  The 

current methodologies in Arkansas do not account for the “external costs” 

associated with various forms of electricity generation, such as CO2 emissions or 

mercury containment.  This was not a major consideration in the era when most 

power was produced by fossil-fueled plants with similar pollution profiles.  In the 

modern era, however, when competing sources of electricity – e.g., coal, gas, wind, 

biomass – have widely dissimilar profiles and different environmental 

                                                      
11

 “Entergy Arkansas, Inc. Avoided Capacity and Energy Costs Applicable To Rider SCR,” Avoided Costs Bulletin 

No. 62, Effective July 1, 2011, ESI Rate Administration, Little Rock, Arkansas. 
12

 “State Regulators OK Alabama Power 220-MW Wind PPA,” Electric Power Daily, Sept. 8, 2011, available on-

line at www.platts.com. 
13

 Townsend, APSC Docket No. 04-1 13-U, Feb. 17, 2005, Exhibit TWT-1 (Figure 2 in the present report). 
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consequences, the cost of externalities becomes a major factor when comparing 

power sources.   In the next section, we review other avoided cost models to assess 

the general strengths and weaknesses of each and how each approach could affect 

the prospects for increased use of renewable energy resources in Arkansas. 

 

 

Figure 1. Avoided Costs Applied to Nordex Wind Power by Alabama Power, 2011 
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Figure 2. Entergy Avoided Costs for Qualifying Facilities, 2003 
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3. Regulatory Treatment of Costs in States with Renewable Standards 

While the PURPA and FERC regulations that were referenced in the previous 

chapter provided the original guidelines for the calculation of avoided costs, much 

has happened at the state level in the subsequent 35 years to broaden and enhance 

the concept.  Before we look at what some individual states have done in this area, 

an overview of these changes will be helpful. 

The danger of such an overview is that one can easily become “lost in the tall 

weeds” of the myriad of federal and state rulings that have affected avoided costs 

and the ways that individual states have ruled on various utility and QF proposals.  

It is not this report’s purpose to create a complete history of rate-making in this 

area, but rather to point out that some clearly different methods have been used by 

the states in addressing this cost issue.
14

 

Taxonomy of Cost Approaches to Consider 

The dispatch method used by Entergy Arkansas is one of the options that other 

state regulatory agencies have approved.  In addition, other states have used a 

variety of methods, such as: 

 ● Proxy unit 

 ● Peaker 

 ● Differential revenue requirement 

 ● Market-based pricing 

 ● Competitive bidding, and 

 ● Avoided-cost pricing for energy efficiency programs. 

Looking at each of these methodologies in more detail will provide important 

information about how and why some states have treated this issue so differently.  

By comparing their approaches, we can gather more insight into the ways that 

                                                      
14

 For an excellent recent history of this rule-making, see Carolyn Elefant, “Reviving PURPA’s Purpose: The Limits 

of Existing State Avoided Cost Ratemaking Methodologies in Supporting Alternative Energy Development and a 

Proposed Path for Reform,” 2011; available on-line at www.carolynenfant.com. 
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different measurements of avoided costs can encourage or even preclude the 

development of alternative and renewable energy resources. 

Proxy Method to Calculate Avoided Costs 

The proxy method is but one of a small number of methods that states and utilities 

can use to calculate long-term avoided costs.  Under this method, avoided costs are 

based on the projected capacity and energy costs of the next planned unit.  Many 

factors are included in determining the avoided capacity cost rate paid to QFs.  

These include, but are not limited to, debt financing, tax burdens, and equity costs.  

Further, due to the nature of this method, utilities are allowed to delay their next 

planned generating unit.
15

  Traditionally avoided costs are known as the marginal 

unit of production; however, this method differs.  It uses two types of cost 

calculations.  First, the fixed costs of a plant determine avoided capacity costs and 

second, the estimated variable costs calculate the avoided energy costs.     

An Integrated Resource Plan (IRP), developed by a utility and approved by a state 

commission, defines the short and long-term capacity addition to meet energy 

demands, amongst other things.  Determination of the proxy unit is usually the next 

generating unit in the utility’s IRP.  Individual states, however, may use different 

proxies.  Florida, for example, uses a state-wide proxy that all jurisdictional 

utilities are supposed to use when determining payments made to QFs.
16

  Another 

state, Vermont, likely uses the same method for avoided cost calculations.
17

  In the 

report, “Reviving PUPRA’s Purpose,” Elefant notes that along with this state-wide 

proxy, “a hypothetical or surrogate, or some other variant of these approaches,” 

may be used as a proxy.
18

  

Peaker Method for Calculating Avoided Costs   

This method estimates the annual equivalent of the utility’s least-cost capacity 

option and the marginal energy costs in each year of the contract.  Here, too, we 

have a dual calculation; however, the avoided energy costs are determined by the 

                                                      
15

 “PURPA: Making the Sequel Better than the Original,” The Battle Group, (prepared for Edison Electric Institute), 

December 2006, p. 9-10. 
16

 Ibid. 
17

 Vermont Public Service Board, see docket 7533 

http://psb.vermont.gov/sites/psb/files/docket/7523/7533_final_board_order.pdf and docket 7523 

http://psb.vermont.gov/sites/psb/files/docket/7523/7523_interim_price_order.pdf 
18

 Elefant, 2011. 

http://psb.vermont.gov/sites/psb/files/docket/7523/7533_final_board_order.pdf
http://psb.vermont.gov/sites/psb/files/docket/7523/7523_interim_price_order.pdf


13 

 

projected, system-wide marginal cost of energy as opposed to the next planned unit 

of generation as we saw in the proxy method.  In this case, QFs are assumed to 

displace the most expensive unit of generation for the utility.
19

 

Capacity payments are only made when a utility deems it necessary.  In such a 

case, the utility chooses the capacity option that represents the lowest cost to build.   

Typically, this is known as a peaking unit and the costs are established by 

determining the avoided cost of a combustion turbine (CT). 

Based on the idea that this method allows the utility to avoid building a CT, QFs 

become the “reserve” capacity holders.  As such, utilities pay when they need this 

subsequent capacity.  Due to the way that lower capital costs reduce the avoided 

capacity cost, utilities find this a favored method.
20

  A nationwide survey by 

National Economic Research Associates conducted in the early 1990s came to this 

same conclusion.  “In particular, the wide-use of the least-cost capacity method is 

striking, as is the emphasis on shorter-term costs.” 
21

 

This method, however, has its opponents.  The Georgia Public Service 

Commission, for example, has insisted that this method be revised by its utilities.  

Because the majority of projects cannot be financed through payments expected on 

a variable basis, the Commission required utilities to revise their formula to reflect 

non-price factors.  These non-price factors are not classified neatly into either 

energy or capacity costs.  Revising the formula included attributes such as reduced 

transmission and distribution costs, increased reliability of locally produced fuel 

sources, reduced pollution control systems and the value of environmental credits 

earned.
22

       

Differential Revenue Requirement 

The differential revenue requirement (DRR) calculates total generation costs with 

and without QF capacity.  Assuming QF capacity is free determines the revenue 

requirement.  This method also assumes that QF capacity operates within given 

characteristics.  Utilizing present value analysis, differences in total generation 
                                                      
19

 “PURPA: Making the Sequel Better than the Original,” p. 10. 
20

 Elefant, 2011. 
21

 William Bridgeman and Hethie Parmesano, “The Role and Nature of Marginal and Avoided Costs in Ratemaking: 

A Survey,” National Economic Research Association, Inc., Jan. 1992. 
22

 Elefant, 2011; see also, Petition of Biomass Gas and Electric Regarding Forsyth County Renewable Energy Plant, 

Docket No. 4822-U, (Georgia Public Services Commission 2004). 

http://www.sourceaid.com/citationbuilder/
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costs become the lump-sum avoided cost for QF power.
23

  Although not precisely 

the approach used in Entergy’s economic dispatch model, it matches the DRR 

model more closely than any of the other methodologies profiled in this report.  

Entergy utilizes the dispatch model as a system-wide tool for calculating avoided 

costs to pay QFs.  Done on an after-the-fact basis, this model allows Entergy to pay 

the QF for energy provided to one of the operating companies.   (See Appendix E 

for a brief description of Entergy’s energy dispatch model.) 

Two types of DRR models are used to calculate avoided costs.  First, for 

generation-expansion planning, a planning model is run twice: the expansion with 

and the expansion without the estimated QF output.  After this is determined, the 

results are then input into a financial planning model to yield a utility’s projected 

revenue requirement.  Again, this model is run with and without the QF output.  

Lastly, the difference of the two plans becomes the avoided revenue requirement 

that includes avoided energy costs and avoided capacity costs.
24

  In order to use 

this method, a utility may find it advantageous and more practical to develop two 

IRPs. 

Market-Based Pricing Used to Calculate Avoided Costs 

In this approach, to determine avoided costs a market-based method is used that 1) 

recognizes markets are competitive, and 2) provides for the purchase of power by a 

utility when no additional capacity is required.   This method may be advantageous 

for short-term energy needs and is most likely conducted in areas and regions with 

independent system operators (ISOs) and wholesale markets.  When and where 

these markets are available for a QF, it can provide some relief for utilities from 

strict adherence to PURPA.
25

    

One such competitive market is considered the New England Independent System 

Operator (NEISO).  This regional transmission organization (RTO) serves 

Connecticut, Maine, Massachusetts, New Hampshire, Rhode Island, and Vermont.  

The Internal Market Monitor of NEISO, in a report conducted for 2010, 

determined sufficient competition through two measures, structural and price-

based.  Structural measures analyze the concentration of generated-resource 

                                                      
23

 “PURPA: Making the Sequel Better than the Original,” p. 10-11. 
24

 Ibid. 
25

 Elefant, 2011. 
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ownership, whereas price-based measures analyze wholesale market prices in 

comparison to the estimated cost of providing energy.     

In Massachusetts, QFs do not qualify for special treatment because they have a 

competitive market, as noted by Elefant.  Under Massachusetts regulations, QFs 

have two options for selling generated power to a distribution facility.  First, the 

QF can arrange a standard contract whereby they will receive the short-run rate, 

which is the hourly market-clearing price for energy and the monthly market-

clearing price for capacity, as determined by the ISO.  Second, the QF and the 

distribution company can negotiate an individual contract.
26

 

Competitive Bidding as a Means to Determine Avoided Costs 

Many states offer different mechanisms for the bidding process.  What is certain, 

generally speaking, is that this method is believed to provide the most cost-

effective and economically viable power.  Implementation is straightforward and 

rates are not administratively determined as is the case for other methods.   

First, the IRP is used to determine the power needs of a utility.  Second, using the 

IRP process, QFs can bid on the benchmark prices set by a utility.
27

  Then, these 

utilities accept the project that comes closest to the price as well as meeting other 

characteristics.  Since the late 1980s, this has been the idea behind bidding 

processes.  Recently, California has adopted a new strategy known as a reverse 

auction mechanism (RAM).  California’s intention is not to replace the existing QF 

program but establish a more competitive environment.
28

   

As an example, California’s utilities are required to accept bids twice per year from 

QFs offering between 1 and 20 MW.  Collectively, California utilities need to 

purchase at least 1,000 MW.  The QFs submit price bids to the utilities and show 

they have increased their relative interconnection abilities.  After a utility selects a 

project, usually the lowest price first, they and the seller execute a standard 

purchase power agreement (PPA).  These PPAs vary in time from ten to twenty or 

more years and the seller has 18 months to become commercially viable after the 

                                                      
26

 See Massachusetts Regulations, 220 CMR 8.00. 
27

 Elefant, 2011. 
28

 For a full reading and detailed summary of the(out ir) new RAM process, please see decision 10-12-048. 
http://docs.cpuc.ca.gov/word_pdf/FINAL_DECISION/128432.pdf 

http://docs.cpuc.ca.gov/word_pdf/FINAL_DECISION/128432.pdf
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CPUC approves the contract.  This is a new process that ended its first auction in 

November 2011, with the second one expected to close in May 2012.
29

  

Avoided Costs for Energy Efficiency Programs 

Energy efficiency avoided costs are utilized to determine benefits and costs 

associated with programs that a state wishes to implement.  Five cost-effectiveness 

tests have been developed by the National Action Plan for Energy Efficiency 

(NAPEE).  Each of these tests relies on two formulas that determine how effective 

the program will be.  First, the net benefits formula can calculate either a positive 

or negative whole number by subtracting the net present value (NPV) of costs from 

the NPV of benefits.  A second option is the benefit-cost ratio; in the usual fashion, 

if this ratio is greater than one, the program portrays positive net benefits.
30

   

Recall that PURPA requires that avoided costs can only include actual costs and 

not those of a hypothetical nature.  What this means is that certain social and 

environmental externalities are difficult to include in traditional avoided-cost 

calculations.  For example, the Peaker method is one standard approach used to 

calculate avoided costs.  However, in regards to this type of calculation, states’ 

efficiency programs are not constrained to PURPA’s requirements.  States have 

every opportunity to consider many factors if they so choose.  Energy-efficiency 

programs can be used for multiple purposes.  In their highest purpose, these 

programs are supposed to implement policies and practices that companies and 

organizations should follow to reduce waste involved in the nation’s energy sector.  

These programs even contain best practices for policies regarding appliances, for 

instance.  

NAPEE describes how to calculate the benefits of energy-efficiency programs.  

Like traditional avoided-cost analysis, the costs are calculated as those that would 

have occurred had the energy-efficiency program not been implemented.   This 

includes expected energy not purchased, system capacity not required, 

transmission and distribution systems not upgraded, emissions offsets (RECs) not 

                                                      
29

 See California Public Utilities Commission, Resolution E-4414, August 18, 2011. 
30

 “Understanding Cost-Effectiveness of Energy Efficiency Programs: Best Practices, Technical Methods, and 

Emerging Issues for Policy Makers,” Energy and Environmental Economics, Inc. and Regulatory Assistance Project, 

National Action Plan for Energy Efficiency, 2008; available on-line at www.epa.gov/eeactionplan. 
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purchased, and in some instances, reduced CO2 emissions as well as other 

environmental costs not incurred.
31

 

Table 1 lists some of the most common factors included in an avoided-cost 

analysis.  It details both natural gas and electric energy efficiency and their 

respective energy savings and capacity savings. 

Table 1. Possible Avoided-Cost Components included in a Cost-Benefit  

Analysis 

 

 

The choice of a particular methodology for calculating avoided costs can have a 

significant effect on the ability for providers of renewable energy to sustain a 

market for their output.  This can be seen by comparing the advantages and 

disadvantages of the methodologies that are profiled in this report, as shown in 

Table 2.  Despite this fact, at present no rigorous attempt has been made to model 

                                                      
31

 Ibid. 

Energy Savings  Capacity Savings 
Market purchases or fuel and operation 

and maintenance costs  

Capacity purchases or generator 

construction 

System losses  System losses (peak load) 

Ancillary services related to energy Transmission facilities 

Energy market price reductions  Distribution facilities 

Co-benefits in water, natural gas, fuel oil, 

etc.  

Ancillary services related to capacity 

Air emissions Capacity market price reductions 

Hedging costs  Land use Land use 

Energy Savings  Capacity Savings 
Market purchases at city gate  Extraction 

facilities 

Extraction facilities 

Losses Pipelines 

Air emissions  activities Cold weather action/pressurization 

Market price reductions  Storage facilities 

Co-benefits in water, natural gas, fuel oil, 

etc.  

LNG terminals 

Hedging costs 

Source: Reproduced from Table 4-1. Universe of Energy and Capacity Benefits for Electricity 

and Natural Gas found in publication,  "Understanding Cost-Effectiveness of Energy Eficiency 

Programs: Best Practices, Technical Methods, and Emerging Issues for Policy-Makers."

Electricity Energy Efficiency 

Natural Gas Energy Efficiency 
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or contrast in a calculated fashion the inherent cost-estimation differences of these 

methods.  Unfortunately, such a modeling effort is beyond the scope of the present 

study. 

 

Table 2. A Comparison of Generic Methods Used by Other States
32

 

Methodology  Pros  Cons  

Proxy  Simple and transparent  May overstate costs if proxy 
selected does not match 
operating characteristics of 
QFs Avoided costs heavily 
dependent  upon selection of 
proxy (with higher cost units 
resulting in higher avoided 
costs)  

Peaker  Least cost option due to lower 
capacity costs of peaker units  

Avoided costs not sufficient 
for financing QFs since higher 
energy prices may not 
counterbalance lower capacity 
over life of project  

Differential Revenue 
Requirement  

More sophisticated and 
complex methodology likely 
to produce most accurate 
avoided cost calculation  

Overly complex and lacking in 
transparency and accessibility 
Assumes that QF is always a 
marginal resource  

Market-based rates  Simple and least cost Treats 
QFs as competitive resource  

Not always high enough to 
cover QF costs or incentivize 
QF development  

Competitive bidding  Least cost option; allows 
utility to select among offered 
resources for its system  

Participation in competitive 
bidding can be complicated 
for QFs Rates not high enough 
to support QF development  

Energy Efficiency avoided 
costs  

Usually takes account of all 
costs avoided, including 
externalities  

Formula may differ from 
PURPA, as it estimates 
savings, rather than rates (as 
in PURPA)  
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While it is clear that certain core tenets have been addressed by most state 

regulators – i.e., avoiding burdensome utility administration, protection of 

consumers from higher prices, advocating lower cost energy sources, encouraging 

renewable energy, etc. – it remains difficult to quantify the avoided-cost 

differences because utility data is normally protected from public scrutiny.   

Because of this deficiency and the importance of these comparisons, one recent 

observer has recommended that FERC join the national debate in a formal way. 

 

 

This report recommends FERC, with input from stakeholders, develop 

a model for measuring the impact of various methodologies on 

avoided cost rates.  The recommended quantitative model should 

synthesize the varied ways that states implement avoided costs and 

provide an evaluation of those methodologies best suited to carrying 

out PURPA’s goal of promoting development of alternative power, 

including renewable energy and cogeneration, without adverse 

impacts to ratepayers. … FERC is the appropriate agency to undertake 

this task, because FERC is charged with the responsibility for 

implementing the rules that govern avoided cost ratemaking at the 

state level and has the ability to access the utility data necessary to 

conduct the analysis.
33
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4. Summary of Individual State Approaches 

In the process of sorting through the various ways that different states have 

measured utility avoided costs, it is useful to examine the context of how certain 

commissions have applied the concept.  For this reason, recent rulings by 

regulators in six states have been profiled for the “lessons learned” as they dealt 

with renewable energy and avoided costs.  Some of these states have mature 

renewable energy programs, such as California, Colorado, Michigan, and North 

Carolina.  Other states operate without mandatory renewable standards, such as 

Alabama, Louisiana, Vermont and other New England States, and Texas. 

California Leads the Nation by Setting a 33 Percent Renewable Energy Goal 

After instituting a vigorous renewable energy goal in 2002, California increased its 

renewable energy target in 2011 to 33 percent by 2020.  Initially, power providers 

were required to include 20 percent of their energy sold as renewable energy.  To 

do this, the state offers numerous ways in which energy providers can meet the 

goals.  The main tool is the Renewable Portfolio Standard (RPS).  However, 

California also offers programs that allow customers to participate and benefit 

directly by installing energy-generating technologies on-site.  These programs, like 

the California Solar Initiative (CSI) and Self-Generating Incentive Program 

(SGIP), provide incentives to customers and can be used by utilities as compliance 

towards their independent energy goals.
34

 

The 2011 annual report submitted to the legislature postulates some promising 

results for the RPS program.  The CPUC states that the renewable energy market 

has matured, becoming robust and competitive since its inception.  Furthermore, it 

reported that the largest IOUs have served their retail customers with energy that 

was composed of 17 percent renewable energy in 2010.  This is three percent 

below the initial 2010 target of 20 percent. 

California’s RPS goals and protocols are continuously moving toward its latest 

goal: a 33-percent renewable energy proportion provided by 2020.  One of the 

ways to achieve this goal is by an administrative law ruling and a directive by 
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Commissioner Ferron that the IOUs collaborate and produce uniform standard 

contracts for the renewable energy Feed-in Tariff program.  Additionally, 

nonnegotiable standard contracts were awarded by the three IOUs on January 31, 

2012.  These contracts manifested from the first Renewable Auction Mechanism 

(RAM) solicitation that closed on November 15, 2011. 

Avoided Costs 

California’s robust energy market provides avoided cost rates to be calculated in 

multiple ways.  For large renewable resource generators, particularly those 

producing over 20 MW of energy, they can utilize the competitive market.  Smaller 

QFs – those producing below 20 M – can obtain standard contracts with IOUs.  

California utilizes the proxy-unit methodology for as-available capacity.  These are 

fixed payments based on the cost of a CT unit.
35

  Long-term contracting parties can 

also utilize a different approach.  The Market Price Referent (MPR), based on a 

CCGT unit cost, is a viable method to price these capacity costs.  Furthermore, as 

noted previously, a competitive bidding process – the renewable auction 

mechanism – is used for small power producers and QFs. 

As an example of the MPR, Table 3 displays the nominal prices at which utilities 

can contract with eligible power producers.  Currently, the contract prices shown in 

Table 3 are offered as standard contracts to those QFs whose projects produce less 

than three mWe of electricity.  Additionally, for firms to participate in this Feed-in 

Tariff program, they may not have participated in any other program offered in the 

state; i.e., the CSI program, the SGIP, or an RPS program.  These rates are set and 

adjusted by the Commission through Time of Use factors.  Moreover, the MPR is 

calculated as the predicted annual average cost of production for a combined-cycle 

natural gas fired base-load proxy plant.
36
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Table 3. Contract Prices for Power Producers Generating 3 MW or Less 

 

In October 2011, FERC clarified for the CPUC that it would not violate any federal 

laws or regulations by implementing a multi-tiered resource approach for 

determining avoided cost rates.  Pursuant to California law AB 1613, FERC found 

that “the concept of a multi-tiered avoided cost rate structure is consistent with the 

avoided cost requirements set forth in section 210 of PURPA and in the 

Commission’s regulations.”  This decision – specifically for California’s Feed-in 

Tariff program – allows the CPUC to determine specific avoided cost rates for 

each renewable resource available.  In addition, the CPUC has the authority to 

require retail utilities to pay a higher avoided cost rate to contribute to the 

promotion of more efficient combined heat and power (CHP) facilities.
37

   

These higher avoided cost rates take into account long-term avoided cost rates that 

reflect a more stringent efficiency element not likely found in older operations.  

Furthermore, CPUC is not in violation of federal laws and regulations by 

mandating an adder of 10 percent to be included in avoided cost calculations for 
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CHP facilities in transmission constrained areas.  This reflects the cost, if incurred, 

for utility companies to construct and distribute power.
38

 

Lesson Learned:  

Every renewable energy option should be open for discussion.  California includes, 

but is not limited to, a renewable auction mechanism, programs for companies and 

customers, renewable energy credits, and a state ISO (CAISO).   Resource-specific 

rates for avoided costs are one possible way to encourage renewable energy 

production in the future. 

A Glance at Colorado from an Energy Perspective 

Colorado was the first state in the nation that gave its residents an opportunity to 

voice their opinions on renewable energy policy.  This experiment culminated in a 

state-wide vote approving Amendment 37 in 2004.  The state has moved forward 

since by increasing their renewable energy goals in the subsequent years.  For 

example, in March 2007 the legislature increased their state-wide goal to 20 

percent and finally, in March 2010, increased their goal again to 30 percent.   

Originally, Amendment 37 proposed that 10 percent of its electricity would come 

from renewable energy sources by 2015.  Utilities and qualifying facilities have an 

array of options to choose from; however, several are more prevalent than others.  

Additionally, Amendment 37 established an RES for utilities with 40,000 or more 

customers.  Rural cooperatives and municipally-owned utilities may exempt 

themselves from participation under certain conditions.   

First and foremost, for a utility to obtain an exemption it must vote on such a 

measure and receive no less than 25-percent approval from local customers.  

Furthermore, an exempted utility must certify that they have adopted similar 

statutory requirements found in the state-level RES program.
39&40  

 More features of 

this amendment include the establishment of a tradable credit system or REC 
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program, rate-increase limits for customers (no more than $0.50/month), and a 

mechanism for paying bonuses to utilities that yield a net benefit to the economy.
41

 

Colorado is another example of a state not only trying to incentivize utilities but 

also enlisting cooperation from residential homes and businesses.  Under this 

amendment, IOUs are required to give a $2.00 per watt rebate for any solar electric 

generation provided (limited to 100 kW).  Monthly net-generation is credited 

towards the following month’s bill.  And if after 12 months the total generation is 

greater than consumed, the IOU is responsible for reimbursing these generators at 

the utility’s hourly incremental cost.  Prima facie, this rebate program may be 

beneficial to utilities, because required under this amendment a utility must attain 

two percent of their generation from customer facilities and a total of four percent 

from solar power generation.
42

  A cost-benefit analysis may be performed on this 

program before determining its success.    

Transmission infrastructure is essential when a state decides upon implementing an 

energy plan and subsequently increasing its energy sources.  Especially when 

facilities and/or “farms” need constructing, this matter should not be considered 

inconsequential.  Colorado’s proactive behavior in this process led to further rules 

set by the Public Utilities Commission.  In docket number 10R-526E, utilities are 

required to furnish the Commission with 10-year plans.  Being a recurring 

requirement, the first filing was in February 2012.  Starting in February 2014, these 

plans must encompass 20-year projections.  The goals of the plan include that the 

proposals: 

 should have no effect on any other provider or the system; 

 avoid duplication of infrastructure; 

 recommend joint projects; and, 

 coordinate with all other transmission providers in the area.    

 

As well, this ruling lists compliance requirements that utilities should follow.  

Among these, a utility should utilize a best-cost method.  This is defined “as 
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balancing cost, risk and uncertainty and includes proper consideration of societal 

and environmental concerns, operational and maintenance requirements, 

consistency with short-term and long-term planning opportunities, and initial 

construction cost.”
43

 

As stated in the beginning of this section, Colorado produces mainly two forms of 

renewable energy.  Ranked by generation as of 2009, the Energy Information 

Administration calculates both net summer capacity and net summer generation 

quantities of the state.  Table 4 displays each value per resource type, and wind and 

hydroelectric make up almost 10 percent of the renewable generation.  Due to 

Colorado’s geographical location, Binz notes that Colorado ranks eleventh highest 

in the nation as a suitable candidate for wind production behind others like North 

Dakota, Texas, and Oklahoma, to name a few.
44

 

Table 4. Renewable Resources Available to Colorado, 2009 

2009 Generation 

(thousand mW) 

Capacity (mW) 

Wind 3,164 1,238 

Hydroelectric 1,886 666 

Other Biomass 39 10 

Solar 26 14 

MSW/Landfill Gas 17 3 

Wood/Wood waste >.5 0 

Geothermal 0 0 

   

Source: Energy Information Administration. Renewable electric net summer capacity and net 

summer generation, 2009; currently, for this level of detail, the data depicted in the table are the 

most current available.       
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Avoided Costs 

The Colorado Public Utility Commission has two different mechanisms by which 

utility companies determine how to pay for renewable energy generated by a QF.  

If it is necessary, these companies pay avoided costs for both capacity and energy 

that are consistent with all the other models we have studied.  Colorado 

distinguishes between two types of qualifying facilities based upon the QF’s 

generation capacity.  This distinction is pertinent in that a QF generating below 

100 kilowatts receives standard rates for energy provided.  Utility companies are 

obligated, by this ruling, to establish the rates and file them with the Commission 

for approval.   

Concerning QFs above 100 kilowatts, Colorado utilizes a more competitive 

approach.  Utilities are required to offer an auction process, a bid process, or a 

combination of the two and upon acceptance by both parties, the utility becomes 

obligated.  In no other circumstances are they obligated to buy energy or capacity 

from a particular QF.  Furthermore, the commission allows utilities to demonstrate 

that different rates may be appropriate; however, it does not guarantee any 

particular outcome.
45

   

Lesson Learned:  

Choosing which resource(s) for prominent use should be selected via market 

processes; however, if selected by the PUC, geographical and regional factors may 

be a top-tier metric. 

A Glimpse at Vermont’s Energy Plan 

In 2005, the Vermont Department of Public Service published an energy plan to 

replace the one previously released in 1994.  As we have mentioned earlier in this 

report, the New England ISO determined that this region adequately supports a 

competitive market, especially at the wholesale level of the energy sector.  

However, at a retail level, Vermont is still a vertically integrated monopoly. 

The 2005 energy plan outlines the steps necessary for utility companies and 

stakeholders to establish, operate, plan, and analyze their activities.  Furthermore, 

this plan establishes energy policy based on the lowest present value life-cycle 
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costs, including environmental externalities and economic activities.
46

  When the 

report was published, Vermont was home to a total of 21 electric distribution 

companies (DC).  Four of them are investor-owned utilities, two are ratepayer 

cooperatives, and fifteen of the DCs are owned by municipalities.  Additionally, 

Vermont had one bulk transmission company, VELCO.   

Important issues facing Vermont and many other areas were transmission and 

distribution constraints.  At the time of this writing, Vermont was already 

investigating ten areas where transmission and distribution constraints were 

causing disturbances or potentially exhibiting the characteristics for future 

problems.  If Vermont is to reach its energy goals in the future, decisions revolving 

around sending power, where to place generation facilities, etc., will all be very 

important. 

Currently, 29 states, the District of Columbia, and Puerto Rico have mandatory 

standards to include certain quantities of renewable energy generation into a 

utility’s mix of power sold.
47

  Vermont is not one of these states.  Nevertheless, 

Vermont has met the challege of providing green, efficient, and reliable renewable 

energy for its citizens by way of the Sustainability Priced Energy Development 

Program (SPEED).  This unique program, enacted in 2005, is meant to ensure the 

development of in-state renewable energy and to make sure that the benefits flow 

to Vermonts economy and ratepayers in the state.
48

   

Avoided Costs 

Established by Rule 4.300, SPEED is a policy mechanism that seeks to address the 

barriers that can inhibit renewable energy from coming online.
49

  Its main objective 

“...is to acheive the goals of 30 V.S.A. §8001 related to the promotion of 

renewable energy and long-term stably priced contracts for such energy that are 

anticipated to be below the market price.”
50

  Vermont is considered to be one of the 

leading states in the nation working progressively towards a cleaner envirnment.  

By establishing this program, it wants to make sure that multiple types of 
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technologies may be used in an efficient and economical nature.  Though Vermont 

establishes rates for each technology,
51

 its main sources of renewable energy are 

provided by hydroelectric power and biomass technologies. 

SPEED, like other programs, has both advantages and disadvantages.  When 

utilites enter into contracts with QFs, they are allowed to sell the RECs instead of 

keeping them or disregarding them; incentivizing utilities to obtain contracts with 

renewable generators and recover costs.  SPEED also incentivizes utilities to enter 

into long-term contracts with QFs that proves to be beneficial for these projects.  

Long-term contracts help the QFs secure financing needed to develop their 

projects. 

A couple of disadvantages of the program, however, also deal with the RECs.  The 

report authored by, Clean Energy State Alliance, puts this into perspective.  

Simultaneously, a generator can sell power and sell RECs that may cause a 

discrepancy with whom is actually obtaining the renewable energy.  Only the 

entity paying a price premium can rightfully claim the energy generated is from 

renewable resources.  They further go on to list two reasonable claims a utility and 

end-users in the state may make.  First, a utility can claim they have contracts with 

renewable generators and second, they help develop renewable energy projects.  

Moreover, the goals expressed in the SPEED program are expressed at the state-

level causing individual utility’s goals to be a bit unclear.
52

  However, Section 

218c of Title 30, mandates utilites to develop and file an IRP with the Vermont 

Public Service Board. 

In 2009, Vermont added a standard-offer program for power generation projects 

less than 2.2 megawatts.  This program enables small QFs to secure the financing 

they need to develop renewable projects.  Contracts offer foresight and monetary 

expectations.  Each type of technology has set rates which these QFs use to 

determine what type of technology they would like to develop.  A downside to 

“price-setting,” however, is that it is not always clear whether the price is set too 

high or too low; whether the QF is receiving too much or too little.  This can have 

negative effects on ratepayers.  Vermont Public Service Board Docket 7533 
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discusses this issue in depth.  Likewise, the board has changed the prices for two 

technologies effective in March 2012 – solar PV and wind.
53

   

To recap, the Public Service board set interim price rates for each technology.  As 

a consequence, some of the technologies had many bids and some had much less 

than was expected.  The Public Service Board attributed most of the unexpected 

outcomes to market incentives and worked to set rates more accordingly.   

In summary, Vermont is currently trying to decide if the SPEED program is right 

for its state or if a traditional RPS would better manage and help grow renewable 

energy.  SPEED is an in-state and voluntary program in which many of their 

energy goals are being met.  Vermont, and the SPEED program, lay out the long-

term energy goals.  First, by 2012, 5 percent of Vermonts 2005 load should come 

from renewable sources and second, by 2017, renewable energy resources should 

provide for 20 percent of their energy load.         

Table 5 displays the rates that the Vermont Public Service Board found 

appropriate.  As well, Appendix 1 of this report is a reproduction of an attachment 

offered to docket 7780.  This attachment depicts a 25-year annual price schedule 

(resource-specific) for electricity contracts.   

Table 5. Vermont Standard-Offer Price Schedule 

     Technology Price per kWh 

Hydroelectric $0.1226 

Landfill gas $0.09 

Farm methane $0.1411 

Wind 1.5 MW $0.1182 

Wind 100 kW $0.253 

Biomass $0.125 

Solar photovoltaic (PV)   $0.271 

Source: VPSB Docket 7780, January 23, 2012 
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Lesson Learned: 

Instituting an RPS or the like is not the only option available for a state desiring to 

increase its use of renewable energy resources.  Special programs with variable 

rates for avoided costs can help spur renewable energy production. 

 

Michigan: A Synopsis of Michigan’s Renewable Energy Standard 

With Michigan’s adoption of a comprehensive renewable energy plan in 2008, it 

embarked on the first step towards what many believe is crucial for a state that 

wants to harness its renewable resources.  Act 295 – “the Clean, Renewable, and 

Efficient Energy Act” – mandates that electric providers diversify their supply 

portfolios to include 15 percent renewable energy generation by 2015.  Michigan 

and the PSC place a very strong emphasis on establishing not only renewable 

energy generation, but also energy efficiency programs.  Each of Michigan’s 

utilities is required to submit plans exhibiting how it will produce energy savings.  

“All 63 of our utilities have submitted plans to the MPSC to help their customers 

save energy and money while delaying the need to build expensive new power 

plants.”
54

  Furthermore, this legislation has given the PSC a mandate of 

establishing a renewable energy credit (REC) system whereby energy providers 

and generators can meet the renewable energy standards that were set forth. 

Michigan’s Renewable Energy Certificate System (MIRECS) was established by 

the commission intended for utilities so that they comply with the renewable 

energy standards set forth by Act 295.  MIRECS allows for the issuance, tracking, 

trading, and retirement of any RECs, Advanced Cleaner Energy Credits (ACECs), 

and Michigan Incentive Renewable Energy Credits (ICs).  An REC is created for 

every mWh of electricity generated by a renewable energy system.  They can be 

separated from the associated energy and either traded, sold, transferred, or 

bundled with the energy and dealt with likewise.  Expiration is possible in one of 

two ways.  First, they can be used to comply with the renewable energy standards 

or second, they expire three years from issuance for non-use.  The PSC does allow, 

however, that the RECs simultaneously comply with Federal regulations as well as 
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state requirements.  No utility will need to double-purchase any type of energy 

offset.
55

 

Electric generation tends to be bought through purchase power agreements (PPA) 

that can benefit small power producers greatly.  In Michigan, if a PPA does not 

specify how RECs are to be allocated, then one out of every five will stay with the 

small power producer.   

Under Act 295, there are incentive RECs and base RECs.  Incentive RECs are 

established purposefully to provide incentives for specific energy generation, 

employment purposes, construction purposes, and demand production purposes.  

For instance, two additional RECs may be acquired for solar generation, 1/5 REC 

obtained for on-peak production, 1/10 REC for system construction located in the 

state, and 1/10 REC for employing local labor.
56

   

Energy providers, pursuant to Act 295, are required to reduce their annual energy 

sales one percent from 2012 onward.  To do this, it is necessary for a utility to 

design an energy optimization program and file it with the PSC.  For each mWh of 

energy they save, an energy optimization credit (EOC) is created.  These EOCs 

cannot be traded, sold, or transferred and they expire annually.  As well, they can 

expire if a utility substitutes an EOC for a REC or when they are used to comply 

with the energy optimization performance standard.  Additionally, savings 

generated by energy users of 2 mW singularly, or 10 mW aggregated (whether or 

not implemented privately), will count towards the energy provider’s 

requirements.
57

  

Avoided Costs 

In promulgating the rules that utilities and other energy generators are to follow, 

the PSC established a test to determine the effectiveness of a utility’s energy 

optimization plan.  Called the Utility System Resource Cost (USRC) test, the PSC 

has laid out the methodology that a utility should use when they submit their 
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calculations for PSC approval.  The USRC “takes into account the avoided supply 

costs of energy and demand, the reduction in transmission, distribution, generation, 

future carbon tax, and capacity valued at marginal costs for the periods when there 

is a load reduction.”
58

 

Being that this rule allows for individual utilities to define independent and, most 

likely, differing formulae, a witness for the Michigan Environmental Council 

testified in a comment to the PSC that this is not a consistent method.  The witness 

asserted that this component is critical to the cost-effectiveness of an energy 

optimization plan.  Furthermore, the plan “is insufficient in that it can lead to 

widely varying avoided cost methodologies among the utilities in Michigan, and if 

the assumptions made are inappropriate, stakeholders will only discover this after 

the plans are filed, and will not have the opportunity to present an alternative cost-

effectiveness determination for a program or portfolio using a more appropriate 

avoided cost methodology.”
59

   

Lesson Learned:  

Not only are renewable energy resources a means to a “healthier” environment but 

also energy efficiency is strongly encouraged in Michigan. And avoided cost 

methods are not settled in this EOC plan. 

North Carolina’s Renewable Energy Standard 

In 2007, North Carolina became the first state in the southeast region of the United 

States to implement a comprehensive energy reformation plan.
60

  The “Renewable 

Energy and Energy Efficiency Portfolio Standard,” or Senate Bill 3, mandated a 

number of goals and obligations for both the Public Utilities Commission and 

energy providers of the state.  The Commission was given a number of obligations 

including, but not limited to, implementing rules to define how and what is 

required for an IRP, and establishing a renewable energy tracking system.  

Additionally, Senate Bill 3 set out multiple goals for energy providers regarding 

renewable energy requirements. 
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All of the REPs reviewed in this research require retail energy providers to include 

in their energy mix a percentage of renewable energy resources.  North Carolina is 

not at the top of the list for their percentage requirements; however, it does include 

a number of renewable resources as part of the process.  Qualifying renewable 

resources are solar, wind, hydropower, geothermal, and biomass.  In addition, 

reducing energy consumption or DSM is a means that energy providers can utilize 

to comply with this legislation.   

In 2012, the state requires that energy providers obtain three percent of their retail 

sales from renewable resources.  To meet the requirements, energy providers may 

either purchase renewable energy credits or make direct purchases of renewable 

energy.  Like most states, North Carolina has multiple classifications for energy 

providers: in this case, investor-owned utilities (IOUs), electric membership 

corporations (EMCs), and municipally-owned utilities. 

Beginning in 2018, state EMCs and municipally-owned energy providers must 

increase the share of renewable energy to ten percent of their retail sales.  The three 

IOUs will be required to increase renewable energy percentages in 2021 to 12.5 

percent.
61

   

In addition, the state legislature empowered the Commission to implement rules 

for energy providers and generators to adopt a renewable energy tracking system.  

In 2010, the Commission selected APX, Inc. to create an online system for all 

stakeholders to utilize.  The system, called North Carolina Renewable Energy 

Tracking System, is consistent with Michigan’s REC tracking system.  Both the 

Commission and the Michigan Public Service Commission allotted a select amount 

of time whereby holders of older RECs could transfer them into the new system.  

Another obligation for the Commission was to define the IRP, how energy 

suppliers should organize such a plan, and what types of information should be 

included in their plan when submitted to the Commission.   The Commission 

requires that two filings occur and both be submitted on or before the first of 

September, either annually or biennially.  On years when the biennial report is not 

required, energy providers shall file a report that details particulars over a long 

period of time.  For instance, they can include a fifteen-year forecast of native load 
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requirements and the system capacity requirements.  Furthermore, they should 

outline supply-side and demand-side resources they expect to utilize to satisfy 

those loads. 

The biennial report should include, among other things, load forecasts, supply-side 

resources, demand-side resources, and generation data (i.e., existing generation, 

new generation, and non-utility generation).  Additionally, they should include lists 

of wholesale power purchases and sales contracts as well as transmission facilities 

under construction or planned construction within the report’s time horizon. 

Avoided Costs 

Qualifying co-generators or small power producers (SPP) in the state have an 

application process formulated by the commission in R8-64.
62

  Among other 

requirements, the co-generator or SPP that desires to enter into a five-year contract 

or longer, and projects dependable capacity of five mW or greater, needs to submit 

to the Commission an application from the electric utility assessing the impacts 

such as capacity, reserves, generation mix, capacity expansion plan, and avoided 

costs.  Pertaining to North Carolina’s RPS, avoided cost rates “mean an electric 

power supplier’s most recently approved or established avoided cost rates in this 

state, as of the date the contract is executed.”
63

  

The Commission has not determined a specific methodology that all utility 

companies must follow.  Elefant notes that the three IOUs utilize either the DRR 

methodology or the peaker methodology. However, for the QFs that do not qualify 

for standard contracts, they use North Carolina’s competitive bidding process.  

Additionally, the Locational Marginal Pricing methodology as applied to the PJM 

Interconnection, LLC market is an alternative to the DRR approach for QF rates.
64
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Lesson Learned:  

Establishing an unambiguous law is important.  North Carolina PUC has 

interpreted regularly, for clarification purposes, the RES law due to the utility 

company’s uncertainty.
65

 

Louisiana Seeks To Determine if an RPS Is in the State’s Interest 

Originally, in 2005, the Louisiana Public Service Commission (LPSC) determined 

that the state had an insufficient amount of renewable resources to constitute a 

widespread renewable portfolio standard (RPS) or renewable energy standard.  As 

such, they declined to adopt an RPS at the time.  However, the LPSC did allow 

Entergy Gulf States Louisiana, LLC, to implement a voluntary green pricing tariff 

pilot program known as Geaux Green. 

Since the LPSC and the state legislature declined to proceed with any formal 

standards, many other states have subsequently acquired their own.  In January 

2009, the LPSC decided to revisit the feasibility of implementing an RPS.  

Building up to the implementation plan, the Commission and its consultants 

conducted numerous meetings between March and November of 2009.  Their goal 

was to develop an inventory of resources that Louisiana could potentially 

manipulate, thereby allowing the state to access cleaner and possibly more reliable 

clean energy.  These meetings also assessed opportunities to provide additional 

resources.  At the LPSC’s April 2010 Business and Executive Session, the 

Commission staff presented its recommendation for a voluntary RPS program. 

This overview presents what Louisiana determined to be in its best interest for 

inclusion of renewable resources, and is not intended as a complete analysis of the 

program.  It has yet to be determined what this pilot program has found being that 

they are currently in the process of study and research, which is expected to 

conclude by February 2013.  If this pilot program is deemed successful, after 

further comments from interested stakeholders there should be a relatively easy 

transition from study to formal implementation.  In many ways, the LPSC 

established this pilot program to “mimic” an actual RPS program. 
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The purpose of the pilot program corresponds with goals set forth in a traditional 

RPS: for example, reliable and economical long-term energy, greater energy 

security by using indigenous resources, and improving air quality.
66

  The pilot 

program can achieve this “without the uncertainty associated with the cost impacts 

of a long-term policy decision in an uncertain economic and political climate.”
67

  

Furthermore, the staff proposed an RPS calling for 12.5 percent inclusion of 

renewable resources by 2020. 

Renewable Energy Pilot Program 

This renewed interest by the LPSC sets them on a path many other states have 

already taken.  Since Louisiana and some other states are behind the curve, they 

have the ability to adopt practices that have worked in other states.  The pilot 

program is broken down into two components: a research component and a request 

for proposal (RFP) system.  First, the research component is used to identify what 

the best types of alternative resources are for Louisiana.  The LPSC has opened a 

large range of possibilities, and Table 6 lists which resources a utility or qualified 

facility can use to turn renewable resources into viable energy for ratepayers.  

Also, research will be conducted to develop the best practices the industry should 

use when and if an official RPS is mandated.  For example, what is the best 

contract structure?  Additionally, utility companies are required to develop at least 

three small self-build projects or a tariff to purchase renewable energy.  This 

should contain a specific price paid and standard contract terms.  Self-build 

projects are limited to 30 kW capacities. 

Avoided Costs 

When a Purchase Power Agreement is arranged between an energy supplier and a 

purchasing utility, the LPSC determined that sellers shall receive the utility’s 

avoided cost plus $30 per mWh ($0.03 per kWh).  Purchases made under a 

standard tariff option are limited to no more than five mW of capacity for longer 

than three years with a total capacity limit of 30 mW. 
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An RFP allows utilities to evaluate characteristics of larger renewable projects that 

come online between 2012 and 2013.  All investor-owned utilities and 

jurisdictional electric cooperatives are expected to conduct market-based RFPs.  

These requests for proposals should include a contract life between ten and twenty 

years.  Pilot RFPs preclude utilities from offering self-build projects as viable 

proposals; normally, all proposals must come from “unattached” providers.  

However, utilities may propose a biomass co-firing self-build project option.  The 

costs that utilities can include in the proposal are conversion costs, operations and 

management costs, and biomass costs. 

The pilot program began in 2010 and shall conclude at the end of 2012.  During 

this time, utilities are required to follow guidelines set forth in the implementation 

plan approved by the LPSC.  Each year of the pilot program utilities are required to 

file annual reports, submitted no later than February of the following year, that 

discuss what progress they have made and their success in determining both the 

viability of resources and the feasibility of a future RPS. 

Table 6.  LPSC-Approved Renewable Energy Resources for Pilot Program 

Biologically-derived methane gas Ocean thermal, wave, tidal, hydrokinetic 

Biomass energy Solar photovoltaic 

Black Liquor Solar thermal 

Combined Heat and Power
1
 Waste Heat Recovery 

Distributed generation systems
1
 Waste-to-energy

2
 

Fuel cells Wind power 

Geothermal energy Wood and wood waste 

Low impact hydropower Urban waste 

Source: LPSC, Docket No. R-28271 Subdocket B, Staff’s Revised Proposed Renewable Energy 

Pilot Program Implementation Plan, Oct. 11, 2010. 

1 
Based on non-fossil fueled resources.  

2 
Including municipal solid waste. 
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Lesson Learned: 

A state does not need to make an absolute decision immediately.  It can find what 

resources are best suited and what are the best management practices before 

signing on to long-term regulation. 

Summary of Selected State Approaches to Avoided Costs 

 

A review of the experiences of the states that are profiled in this report and of the 

relevant “lessons learned” by those states and their utility regulators reveal at least 

two critical factors in the interaction between renewable energy and utility avoided 

costs.  First, a number of complicating factors have made it difficult for many 

states to fashion an acceptable standard for the use of renewables, and avoided 

costs are but one of these complexities.  As can be seen in Table 7, the states 

profiled here created a variety of cost models for the interaction of utilities and RE 

providers both within and outside the structure of a RES. 

 

Second, many other strategies are available to the states that fall short of a 

mandatory RES.  These include Vermont’s structure of standard offer contracts for 

different types of renewables and Louisiana’s “add-on” avoided costs for certain 

energy types.  So the lesson learned from these states is that reaching the laudable 

objective of increasing the use of cleaner, renewable energy resources does not 

always require the imposition of mandatory, fairly complicated mechanisms.  

Innovations such as Vermont’s SPEED or Louisiana’s Pilot program can be used 

to further the introduction of a variety of renewable energy technologies. 
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Table 7.  Comparison of States’ Avoided Cost Methodologies 
 

   
State Avoided Cost Methods 

 
California Competitive market for large generators.  Standard contracts for generators 

producing >20 mW.  Proxy method. Market Price Referent. 
 

Colorado Over 100 kW generators use a competitive process.  Auction and/or 

bidding mechanism 
 Louisiana The avoided cost rates for utilities plus $0.03 per kWh 
 Michigan Strong emphasis on Renewable Energy Credits 
 N. 

Carolina DRR< Peaker, Competitive process, and Locational Marginal Pricing 
 

Vermont 

Standard offer contracts for generators >2.2 MW.  Commission 

determined resource specific rates per kWh.   

● Hydroelectric $0.12                     ● Landfill gas $0.09  

● Farm methane $0.14                     ● Wind 1.5 MW $0.12 

● Wind 100 kW $0.25                     ● Biomass $0.13 

● Solar photovoltaic (PV) $0.27 
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5. Future Issues for Regulatory Review: 

Federal Mandates to Consider Environmental Costs 

 

Beyond the consideration of the activities of individual states and their recent legal 

and regulatory experiences, Arkansas’s policy-makers must consider the national if 

not the global implications of the environmental trade-off between traditional 

energy sources and increased use of renewables.  Before Chapter 6 details the life-

cycle analysis of these energy technologies and their respective emissions profiles, 

some background on the current state of greenhouse gas (GHG) limitations may be 

useful. 

 

CO2 and the Market for Carbon Trading 

Among the many experts in the energy field, little dispute remains about the need 

to control or limit the environmentally harmful by-products of electricity 

generation, especially coal-fired plants.  Where most experts disagree, however, is 

when and where these types of limits will be placed on the two major concerns that 

remain: carbon and mercury. 

When the earlier environmental protests focused on another pollutant – sulfur 

dioxide – lawmakers enacted and the first President Bush signed the Clean Air Act 

Amendments of 1990.  This law created a cap-and-trade policy that helped slow 

sulfur emissions and the formation of acid rain that was ruining many streams, 

lakes, and forests in the eastern U.S.  Ten years later, SO2 levels were decreased 

dramatically and water quality was improving as a result.
68

   

Eliminating these externalities brings a real cost to utilities and consumers; in other 

words, the costs have now been “internalized.”  The EPA has estimated that 

complying with SO2 emission standards costs from $1 billion to $2 billion each 

year, and the standards have reduced these emissions by 40 percent from the 1990 

levels.
69

  So in many respects, the argument about whether utilities and their 

customers should bear the costs of pollution has been made and won by the 

environmentalists.  With GHG, the discussion focuses on the best way to bring the 

necessary technology and attendant costs into the calculation of electricity costs.
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Regardless of one’s view on the urgency of global warming and GHG issues, most 

observers recognize that state and federal regulations on CO2 emissions are certain 

to increase in the future.  In fact, already 24 states have passed their own version of 

carbon limits, and a total of 39 states have joined the Climate Registry, a federation 

whose purpose is to find ways to reduce each state’s “carbon footprint” through 

legislation and other measures.
70

 

At the federal level, a number of bills have been proposed, debated, and in some 

cases defeated in votes that were considered closer than expected.
71 

The American public increasingly recognizes global warming as a 

problem… Four important survey results underlie our belief that 

public support is growing for policy measures that deal squarely with 

greenhouse gas emissions and climate change… Any serious efforts 

by government or industry to address greenhouse gas emissions and 

global warming in the near term would impose a price or charge on 

carbon or constrain the use of CO2-emitting fuels.
72

 

Most importantly, however, in 2008 the leaders of both political parties and both 

presidential candidates spoke publicly about the need for a reduction in carbon 

emissions.  In fact, Senator John McCain was a principal sponsor of legislation that 

would reduce future emissions to the 1990 level of emissions by 2020, and 

President Obama’s election presented a higher possibility that some form of carbon 

regulation would be enacted.  In 2012, the EPA promulgated rules for the 

limitation of CO2 emissions from new power plants to 1,000 pounds per mWh of 

electricity generated.
73

   According to Bloomberg News, this is less than one-half 

of the amount of current CO2 emissions from the average coal-fired plant in the 

U.S. currently.
74

 

A review of proposed federal legislation and agency regulatory proposals by 

Synapse Energy Economics, Inc., indicated no fewer than 20 possible cost 
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scenarios for carbon limitation.  As shown in Table 8, they range from a return of 

carbon levels for year 2000 readings to actual reductions in the current levels of 

carbon emissions by 2020 or 2050, and originate from federal agencies, 

congressional proposals, and other state regulatory agencies.
75 

As discussed in Chapter 2, it is very likely in the long run that some type of carbon 

emissions regulation will be instituted nationally.  However, the situation is less 

clear in the short run, and this makes it difficult to achieve a precise estimate of the 

additional cost of CO2 as an externality. 

Two current examples of carbon trading provide some guidance about the price in 

other parts of the globe.  In Europe and Australia, legislation has created a need for 

companies to acquire permits for their carbon emissions.  Once this demand was 

created by regulation, prices for a metric ton of carbon increased dramatically from 

their earlier, free-market levels.   

Although the European experience has been criticized, it has created an active 

market for carbon credits and prices in the range of 25 euros (about $33 US) until 

last year.  However, with the demise next year of a UN-sponsored plan to 

discourage hydro fluorocarbons, prices have fallen to their lowest point since 

trading began in 2008.  In December 2011, permits were sold for 4.9 euros (about 

$6.57 US), a decrease of about 80 percent.
76

  Nonetheless, Great Britain is 

currently proposing a national market for carbon trading with a target price of 

about $42 per ton (in 2009 dollars) by 2020.
77
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Table 8. Ranges of Potential Carbon Emissions Costs     

        

Range of Emissions Costs per ton CO2 

      

Lower Upper     Lower Upper   

         

 $8.00   $32.00      $13.00   $96.00    

 Synapse 2006       EPA Analysis of S. 2191 (2008)  

   

         

 $15.00   $45.00      $9.00   $38.00    

 Synapse 2008       Xcel MN 2007     

         

 $18.00   $52.00      $10.00   $20.00    

 MIT 2007        Durham, AES 2008     

         

 $53.00   $62.00      $3.00   $22.00    

 MIT analysis of S.2191 (2008)    MN PUC 2007     

         

 $28.00        $7.00    $35.00    

 (Reuters article, no range given)  NM PUC 2007     

         

 $12.00   $16.00      $21.00   $22.00    

 EIA Analyses of S. 280 (2007)    Clean Air Task Force analysis    

         

 $16.00   $33.00      $75.00   $89.00    

 EIA Analyses of S. 1766 (2008)    ACCF/NAM analysis of S. 2191   

         

 $29.00   $75.00      $41.00   $54.00    

 EIA Analyses of S. 2191 (2008)    CRA analysis of S. 2191    

         

 $12.00   $50.00      $19.00   $24.00    

 EPA Analysis of S. 280 (2007)    Duke Univ. analysis of S. 2191  

  

         

 $12.00   $37.00      $10.00   $64.00    

 EPA Analysis of S. 1766 (2008)    NRDC analysis of S. 2191   

         

     Lower  Upper   Mid-Point 

Average Emissions Costs   $20.55    $45.58    $33.06  
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Australia has just begun its official regime of carbon pricing after many years of 

debate and governmental inquiries.  About 500 of the country’s largest polluters 

must purchase permits for their CO2 emissions, and the regulatory nature of the 

new law has increased demand for these permits.  Initial price for the permits in 

November 2011 was about $23 Australian per ton of CO2 or $24.50 US.
78

 

Taken together, this information on carbon pricing is indicative of the range and 

uncertainty involved in assigning a present-day price to the amount of pollution 

emitted.  However, one lesson is simple and certain: the true price of CO2 

emissions is not zero. 

Thus, any attempt to compare energy technologies in the future should recognize 

that carbon-based power often has a higher cost of externalities than many 

alternative sources of power, such as wind and biomass.  While these costs have 

not been internalized by the traditional utilities at present, once the political 

realities of global warming are established in the U.S. we are likely to see some 

form of carbon permitting like the EU and Australia have begun. 

To enable us to see the effect of internalizing the cost of carbon pollution on 

avoided costs, it seems reasonable to select a price from the middle range of those 

in Table 8, or about $33 per ton.  However, in view of the recent Australian 

experience, a somewhat lower price of $30 per ton is more realistic for the U.S. 

market.  A coal-fired power plant of 500 mWe capacity produces about three 

million metric tons of carbon per year.
79

  So if alternative energy sources could 

offset those megawatts, the utility and its surrounding environment would “avoid” 

about $90 million in pollution costs annually.  In a carbon-trading scheme, this 

means that the utility (and its customers) would not purchase permits to offset this 

amount of pollution. 
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Currently, only a few states have recognized explicitly that such a trade-off exists 

by rewarding alternative energy sources with a portion of that offset through the 

avoided-cost mechanism.  Those that do so, such as Vermont and Louisiana, have 

created a category of “adders” that increase the avoided cost payments to those 

technologies that can produce power with little or no pollution effects.  As can be 

seen in the accompanying box, for our example of a 500 mWe plant, such a 

payment would increase the cost figure by about $0.024 per kWh. 

 

 

 

 

 

 

 

 

Such detailed comparisons of the environmental consequences of different energy 

facilities are not original to this report, of course.  For example, Figure 2 shows an 

earlier comparison of similar technologies, and the findings of this study are 

consistent with this picture of elevated levels of CO2 emissions for the fossil-fuel 

facilities relative to the renewable resources.
80

 

Other Notable Pollutants of Concern 

Of course, GHG are not the only pollutant that modern energy plants produce as a 

by-product of electricity generation.  Two other major contaminants are mercury 

(Hg) and nitrogen oxide (NOx), which are only recently coming under regulatory 

review and oversight. 
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A report by the Environmental Integrity Project pointed out how susceptible coal-

fired plants are to mercury pollution; while most of the heavily-polluting facilities 

are older plants, the danger exists for new plants also.
81

 According to the U.S. 

Environmental Protection Agency, “... 60% of the total mercury deposited in the 

United States comes from U.S.-based sources. ... Coal-fired power plants are the 

largest unregulated U.S. source of mercury pollution, emitting 41% of known U.S. 

industrial emissions.”
82

 

Yet controlling the release of mercury from power plants can be a difficult task, as 

an EPA task-force report made clear. 

Although the potential Hg emissions are calculated to be 75 tons per 

year based on the Hg content in coal, the actual current emissions are 

estimated to be 48 tons per year due to Hg capture with pollution 

controls for PM and SO2. The reduction at any individual plant ranges 

from 0 to 98% dependent on coal type, control technology type, and 

other unquantified factors. (emphasis added) 

 

… (Some) short term full-scale trials of activated carbon injection 

have been carried out … (but these) technologies are not currently 

commercially proven to consistently achieve high levels of Hg control 

on a long-term basis.
83

 

A recent EIS submitted to the PSC concerning a new 600 mWe power plant in 

Arkansas indicated that about 300 pounds of mercury would be released into the 

air each year of operation.  One expert testified that the utility’s operating plan was 

inadequate in the face of this level of contamination. 
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The EIS indicates too that the power plant will emit over 300 pounds 

of mercury a year, with a service life of 30 years, for a total of four 

and a half tons of mercury emitted.  There are no predictions about 

how far away from the plant that mercury will land.  So, after 

disclosing that mercury is dangerously poisonous, the EIS makes no 

prediction about what health impacts the project will have.  

However, the EIS does commit the utility to evaluate the impacts of 

mercury after they occur.  This seems to me akin to ‘Here, eat this 

fish.  Don’t worry, if it poisons you we’ll do a thorough autopsy on 

you.’  This after-the-fact approach does not support well-informed 

decision-making.
84

 

In that case, the company proposed to use carbon injection equipment and other 

standard technology to limit mercury contamination.  However, at present the 

company does not claim that these methods are effective, as seen in its filings with 

the PSC: 

Mercury control technology (e.g., carbon injection) has not been 

demonstrated commercially at coal-fired units, and it is uncertain 

whether the removal performance can be achieved, particularly in the 

near term.  As such, the mercury constraints and carbon injection 

added in ... 2009 will likely be technically infeasible.
85

 (emphasis in 

original.) 

It is clear that, given the present state of carbon-injection technology, the power 

industry is not ready to adopt this type of carbon capture.  Other problems remain 

also, most notably the issue of scale and the number of injection wells that might 

be needed under current technology.  A new engineering study indicated more than 

two-and-one-half times more wells would be needed to satisfy the supply of CO2 

from current power plants.  “To inject all of the additional gas and thus keep total 

emissions at 2005 levels, the U.S. will need to drill 100,830 more wells ... to 
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dispose of the additional 2,005 MMt per year of carbon dioxide.  For comparison, 

about 40,000 oil and gas wells are drilled annually in the United States.”
86

 

A recent coal book pointed out the combustion effects in electricity generation:   

“... coal-fired power plants ... contribute about three-fifths of all sulfur dioxide, 

one-third of all mercury, and one-fifth of all nitrogen oxide emissions in the United 

States.”
87

  

While it is difficult to obtain a precise number on the cost of the externalities 

caused by these emissions, some recent reports have addressed the question.  A 

Harvard public health study in 2009 estimated a “median cost” of $72,000 per ton 

of particulate matter that is released by coal-fired power plants. This included 

median costs of $19,000 per ton of SO2 and $4,800 per ton of NOx.
88

 

These costs translate directly to concerns about public health.  A Clean Air Task 

Force study reported that particle pollution such as CO2 from coal-fired plants 

alone would cause 13,200 premature deaths in 2010, and 9,700 additional 

hospitalizations and 20,000 heart attacks.  Also, the report estimated that “the total 

monetized value of these adverse health impacts amounts to more than $100 billion 

per year” for the U.S.
89

 

Returning to the theory of the Commons, it appears mutually beneficial to 

businesses, consumers, and government regulators that future environmental 

damage from electricity generation and its emissions be further limited.  To the 

extent that other pollutants such as NOx and mercury are included in future 

restrictions, the future avoided costs from using cleaner, renewable energy will 

increase above the CO2-driven figure of about $0.024 per kWh.  In the next 

chapter, a life-cycle analysis will be used to compare the different pollution 

profiles and begin to quantify the environmental consequences of the respective 

energy technologies. 
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6. Life Cycle Analysis: A Method to Consider Externalities 

Numerous proposals have been made to reduce power-plant emissions of nitrogen 

oxides, sulfur dioxide, mercury, and carbon dioxide.  Efforts to reduce these 

emissions will fall primarily on coal generating plants. Depending on the 

stringency of the proposals, reducing each of these emissions, particularly carbon 

dioxide, could significantly impact the competitiveness of existing and new coal 

plants and the market for coal.
90

  

In light of these findings, it is clear that the burning of fossil fuels for power 

creates a host of pollutants that degrade the environment.  Technologies that do not 

use carbon-based fuel would seem to have an environmental advantage; however, 

many other aspects of creating and distributing energy must be considered before 

that assertion can be defended.  Transportation, distribution, mining and extraction, 

and many activities also contribute to ecological degradation over the lifetime of a 

power station, and a true comparison must incorporate all of these potential 

contributors to pollution.   

For this reason, many researchers today adopt a life-cycle approach to the analysis 

of pollution sources.  In this approach, a comprehensive accounting is made of the 

environmental effects of a resource’s inputs and outputs over the entire lifetime of 

the energy production.  This enables analysts and policymakers to compare the 

relative effects of different energy technologies on the environment, allowing 

measurements of the short-term and long-term impacts of each method of 

production. 

For this study, the Institute for Economic Advancement at the University of 

Arkansas-Little Rock used two separate economic models to develop the 

environmental impacts of different energy technologies presented in this chapter.  

First, a REMI model was used to generate the economic impacts of a standardized 

set of energy facilities, and the results from this analysis were used as inputs to a 

life-cycle model. 

The REMI Policy Insight (PI+) model, developed by Regional Economic Models 

Inc., is a structural economic model that analyzes the “cause-and-effect” of policy 
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 U.S. Dept. of Energy Conference on the Future of Coal, Energy Information Administration, testimony before the 

Energy and Natural Resources Committee, Mar. 10, 2005. 
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scenarios using mainstream economic theory: i.e., households are assumed to 

maximize their utility and producers maximize their profits.  PI+ is the next 

generation of REMI modeling—it generates realistic year-by-year estimates of the 

total regional effects of any specific policy initiative.  A wide range of policy 

variables allows the user to represent almost any policy and the explicit structure in 

the model helps the user to interpret the predicted economic and demographic 

effects.   

 

The model is calibrated to many sub-national areas for policy analysis and 

forecasting, and is available in single- and multi-area configurations.  Each 

calibrated area (or region) has economic and demographic variables, as well as 

policy variables so that any policy that affects a local economy can be tested.  The 

current REMI-PI+ model for Arkansas is a five-region model composed of seventy 

different economic industries.  Appendix C provides more details about the 

model.
91

 

 

 
Figure 1. Flow Chart of REMI Economic Impact Methodology 
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 Appendix C is based on REMI model description by Regional Economic Models Inc., (REMI), REMI Policy 

Insight 9.5: User Guide, Amherst, MA, 2007. 
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PI+ is used by government agencies (including most U.S. state governments), 

consulting firms, nonprofit institutions, universities, and public utilities.  Model 

simulations estimate comprehensive economic and demographic effects in wide-

ranging initiatives such as: economic impact analysis; policies and programs for 

economic development, infrastructure, environment, energy and natural resources; 

and state and local tax changes.  Articles about the model’s equations and research 

findings have been published in professional journals such as the American 

Economic Review, the Review of Economic Statistics, the Journal of Regional 

Science, and the International Regional Science Review. 

 

The Economic Input-Output Life Cycle Assessment (EIO-LCA) model estimates 

the materials and energy resources required for, and the environmental emissions 

resulting from, activities in the economy.  The EIO-LCA method was theorized 

and developed by economist Wassily Leontief in the 1970s based on his earlier 

input-output work from the 1930s for which he received the Nobel Prize in 

Economics.  Researchers at the Green Design Institute of Carnegie Mellon 

University operationalized Leontief’s method in the mid-1990s.
92

 

Results from using the EIO-LCA provide guidance on the relative impacts of 

different types of industries with respect to resource use and emissions throughout 

the supply chain.  Thus, the effect of producing an automobile would include not 

only the impacts at the final assembly facility, but also the impact from mining 

metal ores, making electronic parts, forming windows, etc., that are needed for 

parts to build the car.  

The EIO-LCA methods can be applied to various national and state economies. 

Each model is comprised of national economic input-output models and publicly 

available resource use and emissions data.  Since its inception in 1995, the method 

has been applied to economic models of the United States, as well as Canada, 

Germany, Spain, and select U.S. states.  
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Life cycle assessment is a major research focus for the Green Design Institute at 

Carnegie Mellon. Over the past 15 years, the group has investigated numerous 

products, services, and infrastructure systems using LCA as a fundamental 

component of analysis, and has produced over 100 publications on the topic.  

In this report, we have shown that a 500 mWe coal-fired power plant would 

generate about three million metric tons of carbon per year.  However, over an 

assumed 26-year life of the plant, the total output of GHG would be greater than 

100 million metric tons of carbon, for two reasons.  First, many other components 

of coal-fired generation are also responsible for GHG, such as mining, storage, rail 

transportation, etc.  Second, other pollutants that affect the ozone layer are also 

released during coal burning, such as NO
x
) and SO

2
).  So a life-cycle analysis is 

required to account for the true picture of carbon-related effects of the different 

technologies. 

Tables 9 and 10 demonstrate the relative impact of five standard energy 

technologies on each of five major environmental hazards during the life of the 

power-plant operation, focusing on the direct and indirect effects of each.  As can 

be easily seen in these tables, a life-cycle analysis over 26 years both confirms the 

environmental advantages of the renewable energy resources at the place of 

generation in most cases and shows the advantages are considerable when 

comparing the indirect effects of a selected group of pollutants.
93

  (A complete set 

of tables containing the data for this analysis is provided in Appendix D.  A step-

by-step description of the analysis process used by UALR’s Institute of Economic  

Advancement is provided in Appendix F.) 
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 Unfortunately, because a number of sources were used from agencies such as the EPA, Carnegie-Mellon LCA, the 

U.S. Department of Energy, and others, the pollutant categories are not defined consistently and it is not possible to 

combine the direct and indirect estimates in a reliable way.  However, within Table 9 or 10, comparisons among the 

technologies and pollutants are valid. 
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Table 9. Direct Effects of Different Energy Technologies on Major 

Environmental Emissions, Based on 500 mWe Generating Capacity 

 CO2  

- in metric 

tons 

SO2 

- in metric 

tons CO2 

equivalent 

NOx  

- in metric 

tons CO2 

equivalent 

Type of 

Technology 

millions thousands thousands 

Coal with 

CO2 C&S 

93.1 67.8 33.9 

Coal Con-

ventional 

114.1 55.4 33.2 

Natural Gas 33.8 0.29 2.2 

Wind Farm 

(in another 

state) 

0.0 0.0 0.0 

 

Biomass 105.7 0.0 0.04 

While it is not surprising to see large carbon emissions reported for direct and 

indirect activities for coal-fired plants, Table 9 also notes that burning wood for 

biomass productions actually generates substantial direct CO2 pollution.  The scale 

of the generating plants is vastly different, of course; 25 biomass plants with a 

capacity of 20 mWe each would be needed to produce the 500 mWe capacity of 

our model coal plants, for example.  Yet, despite the fact that the carbon-based 

pollution may be more dispersed from the biomass plants, when combined the 

environmental impact appears to be only slightly less than standard coal power 

plants.  Direct CO2 emissions would be greater than either natural gas plants or the 

proposed coal plants with carbon capture and sequestration. 

The emissions of SO2, NOx, Hg, and contaminated water from coal plants are also 

much greater than those of natural gas and wind, and in most cases biomass (using 

wood as the main feedstock).  However, Table 10 notes that biomass generates 

sizeable levels of emissions from its indirect activities, e.g., transporting the fuel. 
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Table 10. Indirect Effects of Different Energy Technologies on Major 

Environmental Emissions, Based on 500 mWe Generating Capacity 

 CO2  

- in metric 

tons 

equivalent 

N2O 

- in metric 

tons CO2 

equivalent 

(included 

in CO2) 

Hg and other 

- in kilo-

grams 

Point and        

Non-Point              

Sources 

Hg and other 

- in kilo-

grams, 

Land 

only 

Toxic 

Releases to 

Surface 

Water 

- in 

kilograms 

Type of 

Technology 

millions thousands thousands thousands  

Coal with 

CO2 C&S 

12.2 73.2 1,411.2 882.8 7,411 

Coal Con-

ventional 

9.8 92.0 601.1 365.0 2,845 

Natural 

Gas 

5.2 38.9 50.9 25.7 261 

Wind Farm 

(in another 

state) 

9.0 68.5 1,049.1 526.0 5,042 

Biomass 2.3 85.2 1,272.6 641.4 6,529 

Note: the Hg numbers in Table 10 include Hg and other pollutants that are found in combination in point-source and 

fugitive air emissions and on-site landfills at power plants that are profiled by the Carnegie-Mellon model. 

 

Also, note that no direct emissions are shown for wind power in Table 9.  

Generally, Arkansas does not have good locations for wind farms, and commercial 

wind projects are sited elsewhere and the electricity is transmitted to local markets.  

This is the case with the Nordex contract described in Chapter 2, and with a 

proposed 7,000 mWe Clean Line Energy project to supply Arkansas and 

Tennessee with wind energy from farms in Kansas, Oklahoma, and Texas.
94

  So 

with no plants sited in the state, Arkansas would not have any direct pollution 

effects from wind energy farms, and very little indirect pollution from the 

transmission-line construction or operations. 
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 “Delivering Clean Energy to Millions of Homes,” Clean Line Energy Partners, 2012, available on-line at 

http://www.plainsandeasterncleanline.com/site/home.  
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A Word or Two about These Emissions Data 
 

Because a number of economic models and government-agency reports were used 

to generate the pollution estimates that are provided here, a word of caution is 

appropriate at this point.  First, some of the emissions that are listed in Tables 9 

and 10 are well-known and regularly monitored at power plants using continuous 

monitors (CEMs), such as NOx and SO2.  So those estimates are fairly reliable and 

are reported in a consistent manner by various agencies.  Second, most of the other 

emissions, including important chemicals like CO2 and Hg, do not use CEMs and 

are estimated based on national emissions factors from sources like the Electric 

Power Research Institute and the EPA’s AP 42 guide.
95

  As such, these are not 

actual readings but are estimates based on prior research, general formulae, and 

sampling techniques.  At this time, no legal requirement mandates that these data 

be collected by all power stations.   

Third, many emissions are difficult to track because the combustion process breaks 

the chemicals into a variety of compounds.  In this table, mercury is the most 

difficult pollutant to trace with a high degree of reliability, since its various 

compounds are found in stack air particulates, solid fly ash, and liquid forms.
96

  

For this reason, the Hg numbers in Table 10 include Hg and other pollutants that 

are found in combination in point-source and fugitive air emissions and on-site 

landfills at power plants that are profiled by the Carnegie-Mellon model. 
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 “AP-42: Compilation of Air Pollutant Emission Factors,” Office of Air Quality Planning and Standards, U.S. 

Environmental Protection Agency, Research Triangle Park, NC, Jan. 2005. 
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 “Control of Mercury Emissions From Coal-Fired Electric Utility Boilers,” Air Pollution Prevention and Control 

Division, National Risk Management Research Laboratory, Office of Research and Development, U.S. 

Environmental Protection Agency, Research Triangle Park, NC, 2002. 
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7. Summary and Conclusions 

This summary chapter assesses the role of utility avoided costs in the debate about 

our nation’s energy supply and the future environmental effects of the demand for 

electricity. 

A careful review of the issues surrounding the use of avoided costs in utility 

regulation has made it abundantly clear why some confusion exists around the 

issue.  Standard economics terms like marginal costs – which seem to be “close 

cousins” to avoided costs – are not applied in any uniform or rigorous manner from 

state to state, leaving utilities and other energy providers uncertain at times about 

the best way to proceed with meeting their customers’ demand for electricity.   

Of course we have the FERC definition of avoided costs: “incremental costs to an 

electric utility of electric energy or capacity which, but for the purchase from the 

qualifying facility or qualifying facilities, such utility would generate itself or 

purchase from another source.”  The concept is easier to define than it is to 

measure in the real-world context of a utility company with multiple sources of 

energy production and a constant challenge of maintaining a consistent and reliable 

supply of energy to its customers.  Many diverse types of costs can be included in 

the avoided cost calculations, such as: 

 

● Purchased electricity 

● Purchased resources, such as coal, natural gas, oil, etc. 

● Transport of the resources to the generation site 

● Transmission-line costs 

● Long-term hedging 

● Landfills for solid waste 

● Transporting waste products 

● Landfill closure and post-closure costs 

● Regulatory compliance and legal work 

In Arkansas, Entergy describes its approach to avoided costs based on the 

“dispatch” model, where dispatch refers to the process of sending electricity to 

customers from a mixture of generation resources that may be employed at any one 

time or season.   (See Appendix E for details.)  Its avoided costs range annually 

from $0.03342 to $0.03651 per kWh depending on time of the year and whether 

the deliveries are at peak or off-peak times.  
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Meanwhile, the pressure to consider the future environmental consequences of 

carbon-based power generation is increasing, with strict federal regulations on new 

power plants promulgated recently.  If we return to the theory of “the Commons,” 

protecting a healthy business climate depends on protecting the value of the natural 

resources that we all share.  Increasing the use of renewable energy is a logical 

way for businesses, consumers, and government regulators to further limit the 

future environmental damage from electricity generation and its emissions. 

Yet the current methodologies do not account for the “external costs” associated 

with various forms of electricity generation, such as CO2 or mercury containment.  

In the modern era when competing sources of electricity have widely dissimilar 

pollution profiles and different environmental consequences, the cost of 

externalities becomes a major factor when comparing power sources. 

This report has shown a number of ways that avoided costs have been used to 

assist and at times prevent the growth of renewable energy in other states.  At least 

29 other states have renewable energy policies that encourage the growth of the 

alternative energy sector.  The present study encompasses the review of six states: 

how they enacted forms of increasing their renewable energy generation and how 

they structured respective plans to accomplish these goals.  An over-arching 

commonality found is that each one has considered their state’s resources to 

determine how best to manage this complicated task.  The state of Arkansas can 

surely utilize the knowledge and the best practices that these states provide.   

In addition, it has been clear throughout the analysis that there is a distinction 

between the size of renewable projects and the resources available to them.  Larger 

qualifying facilities, and respective utility companies, can look to the market as a 

determining force behind buying power and setting reasonable prices.  However, 

smaller facilities have an added assurance of standard prices set by utility 

companies or state commissions. 

As we see in Louisiana with their renewable energy pilot program or Vermont with 

their SPEED program, traditional RESs and RPSs are not the only options a state 

can utilize when determining best operating practices.  Open discussion between 

all relevant stakeholders is a must and the rules and mandates to follow should 

consist of precise yet flexible parameters.  As noted in North Carolina’s analysis, 
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ambiguous legislation and unclear rules have the potential to hinder progress and 

cause resources to be wasted.   

Additionally, another dominant aspect in this research is the development of 

renewable energy credits and similar mechanisms.  These should be developed 

alongside renewable energy and used as a mechanism of compliance.  In doing so, 

the burdens imposed upon the buyers and sellers should be in close balance with 

any benefits gained, and cost management considered.  The purpose of developing 

standards for the utility company to follow should not cause undue hardship to 

ratepayers, as PURPA specifically addresses.   

Thus, public service commissions have a dual mandate to develop ways in which 

their state can become greater environmental stewards as well as maintaining a 

stable price for their economies.  For instance, Colorado’s rate increases are 

limited to no more than $0.50 per kWh per month for customers.  Any project, 

proposal, standard, etc., that will affect the residents of any state should be 

thoughtfully considered prior to any new mandates. 

Analyzing the six states proved valuable to determine how to handle avoided costs 

and the respective means of payment.  California allows utility companies the use 

of multiple methodologies.  For smaller QFs, the market-price referent or proxy-

unit method is available.  Table 3 of this report contains a price list for reference.  

On the other hand, larger generators can use a competitive market for pricing 

energy and/or capacity. 

In Colorado, the distinction is made between QFs producing greater than 100 kW 

and those producing less.  For those below this mark, a standardized rate schedule 

is provided for energy generation.  As in California, QFs producing more than 100 

kW should use competitive measures such as an auction process, a bid process, or 

a combination of the two. 

As with the set schedule in Colorado, Vermont’s Public Service Board instituted a 

resource-specific rate schedule for those producers of less than 2.2 mWe.  Another 

method for acquiring renewable energy is the renewable energy credits that can be 

sold by utility companies as a mechanism to help them recoup costs.  Table 5 of 

this report displays the PSB’s set rates for each respective resource.   
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Michigan places a strong emphasis on energy efficiency.  Part of a utility 

company’s compliance must be sought through conservation and reducing the 

amount of energy used.  Michigan believes that it has created a test that will allow 

an objective evaluation of their results.  In addition, part of Michigan’s 

comprehensive renewable energy plan in 2008 – “the Clean, Renewable, and 

Efficient Energy Act” – established a statewide renewable energy credit system.  

MIRECS lists and directs the states RECs in a highly transparent fashion. 

The southeastern United States may not be the leading region establishing 

renewable energy standards; however, North Carolina became the first with a 

comprehensive plan.  Under this plan, its three IOUs utilize either the DRR 

methodology or the peaker methodology.  However, for the QFs that do not qualify 

for standard contracts, North Carolina also uses a competitive bidding process.   

The analysis of Louisiana’s actions was insightful.  The Public Service 

Commission determined that the best way to administer a comprehensive energy 

plan was to begin with a preliminary study paralleling a traditional one.  Under this 

informal RES or RPS, Louisiana’s PSC has enacted certain rules that show an 

understanding of the often difficult calculus surrounding avoided costs and 

environmental impacts.  When a Purchase Power Agreement is arranged between 

an energy supplier and a purchasing utility, the LPSC determined that sellers shall 

receive the utility’s avoided cost plus $30 per mWh ($0.03 per kWh).      

Comprehensive energy plans are of great importance.  Serious consideration needs 

to be given due to the impacts such legislation, rules, and mandates will have on 

multiple stakeholders.  Finding the best solution is a state-specific endeavor.  But 

an understanding of general practices and procedures provided by states that have 

maneuvered through the initial steps can be extremely beneficial for a state that has 

not yet established a comprehensive plan.        

States that promote renewable energy have adopted several methods that allow 

QFs to receive a price that reflects the actual cost of energy and/or capacity needs.  

In so doing, they have chosen a handful of methodologies that have performed well 

for an extended period of time.   
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●The proxy unit method’s avoided costs are based on the projected capacity and 

energy costs of the next planned unit.  This model differs from the traditional 

avoided cost assumption that avoided costs are the marginal unit of production.  

Instead, fixed costs of a plant determine the avoided capacity costs and the 

estimated variable costs calculate the avoided energy costs. 

●Another popular method is the peaker calculation.  This method estimates the 

annual equivalent of the utility’s least-cost capacity option and the marginal energy 

costs in each year of the contract.  Differing in calculation from the proxy unit, the 

peaker method’s avoided energy costs are determined by the projected, system-

wide marginal cost of energy and not the next planned unit of generation. 

●The differential revenue requirement calculates the total generation costs with 

and without the QF’s capacity.  To determine the revenue requirement, utilities 

will assume the QF capacity is free.  Utilizing present value analysis, differences in 

total generation costs become the lump-sum avoided cost for QF power. 

●For energy markets seen as sufficiently competitive, the market-based pricing 

approach suffices.  This method, along with a competitive nature, gives the utility 

options when needing to purchase energy while there is no need for additional 

capacity.  Short-term energy needs can be provided quickly and this method is 

likely utilized in areas and regions with ISOs and wholesale markets; for example, 

the New England Independent System Operator. 

●Competitive bidding is another method utilized in areas with a sufficiently 

competitive market.  Many states offer different mechanisms for the bidding 

process.  Generally speaking, this method is believed to provide the most cost-

effective and economically viable power.  Implementation is straightforward and 

rates are not administratively determined as is the case for other methods.   

●A last method differs in that it utilizes the idea of avoided costs in the energy 

efficiency model of states.  This type of avoided cost is utilized when determining 

the benefits and costs associated with programs that a state wishes to implement.  

First, the net benefits formula can calculate either a positive or negative whole 

number by subtracting the net present value (NPV) of costs from the NPV of 

benefits.  A second option is the benefit-cost ratio; in the usual fashion, if this ratio 

is greater than one, the program portrays positive net benefits.  
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Regardless of one’s view on the urgency of global warming and GHG issues, most 

observers recognize that state and federal regulations on CO2 emissions are certain 

to increase in the future.  In fact, already 24 states have passed their own version of 

carbon limits.  The EPA has now promulgated rules for the limitation of CO2 

emissions from new power plants to 1,000 pounds per mWh of electricity 

generated.   

The information on carbon pricing indicates that the range of present-day prices is 

between $20 and $40 per ton once a market is established to limit the amount of 

pollution emitted.  However, one lesson is simple and certain: the true price of 

CO2 emissions is not zero.  Thus, any attempt to compare energy technologies in 

the future should recognize that carbon-based power has a higher cost of 

externalities than many alternative sources of power, such as wind and biomass.  

As is demonstrated in this report, for our example of a 500 mWe plant such a 

calculation would increase the avoided cost figure by about $0.024 per kWh for 

CO2 permits alone.  While these costs have not been internalized by the traditional 

utilities at present, once the political realities of global warming are established in 

the U.S. we are likely to see some form of carbon permitting like the EU and 

Australia have begun. 

Of course, GHG are not the only pollutant that modern energy plants produce as a 

by-product of electricity generation.  Two other major contaminants are mercury 

and nitrogen oxide, which are only recently coming under regulatory review and 

oversight.  A Harvard public health study in 2009 estimated a “median cost” of 

$72,000 per ton of particulate matter that is released by coal-fired power plants; 

this included median costs of $19,000 per ton of SO2 and $4,800 per ton of NOx.  

To the extent that other pollutants such as NOx and mercury are included in future 

restrictions, the future avoided costs from using cleaner, renewable energy will 

increase above the CO2-driven figure of about $0.024 per kWh. 

Therefore, technologies that do not use carbon-based fuel would seem to have an 

environmental advantage; however, many other aspects of creating and distributing 

energy must be considered.  Transportation, distribution, mining and extraction, 

and many activities also contribute to ecological degradation over the lifetime of a 

power station, and a true comparison must incorporate all of these potential 

contributors to pollution.  Today researchers use a life-cycle approach to the 
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analysis of pollution sources.  In this approach, a comprehensive accounting is 

made of the environmental effects of a resource’s inputs and outputs over the entire 

lifetime of the energy production. 

UALR’s Institute for Economic Advancement used two separate economic models 

to develop the environmental impacts of different energy technologies presented in 

this chapter.  First, a REMI model was used to generate the economic impacts of a 

standardized set of energy facilities, and the results from this analysis were used as 

inputs to a life-cycle model.  

The EIO-LCA method estimates the materials and energy resources required for, 

and the environmental emissions resulting from, activities in the economy.  Results 

from using the EIO-LCA provide guidance on the relative impacts of different 

types of industries with respect to resource use and emissions throughout the 

supply chain.   

It is not surprising to see large GHG emissions reported for direct and indirect 

activities for coal-fired plants, but the report shows that burning wood for biomass 

productions actually generates substantial direct CO2 pollution.  Despite the fact 

that the carbon-based pollution may be more dispersed from the biomass plants, 

when combined the environmental impact appears to be only slightly less than 

standard coal power plants.  Direct CO2 emissions would be greater than either 

natural gas plants or the proposed coal plants with carbon capture and 

sequestration.  The emissions of SO2, NOx, Hg, and contaminated water from coal 

plants are also much greater than those of natural gas and wind, and in most cases 

biomass where wood is used as the primary fuel. 

In many respects, the argument about whether utilities and their customers should 

bear the costs of pollution was made and won by environmentalists during the SO2 

debates of the 1960s and 1970s, and the passage of the Clean Air Act.  With GHG 

emissions, the discussion focuses on the best way to bring the necessary 

technology and attendant costs into the calculation of electricity costs – 

internalizing the external energy costs – and how renewable energy can become a 

more important part of the solution. 
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In the end, this report has demonstrated that it is in the common interest of all 

participants in the electricity sector – consumers, businesses, and government – to 

more seriously consider the future costs of the negative externalities from 

traditional sources of power.  In particular, the amount of avoided costs that 

utilities are required to pay to suppliers of alternative energy – normally the 

qualifying facilities or QFs who use renewable energy sources like wind and solar 

– is an excellent tool for beginning to “internalize” the future costs of reducing 

pollutants like CO2, NOx, Hg, and others.  This report has documented many 

approaches that other states have already begun to use for this purpose, whether 

they have adopted renewable energy plans or not.   

Perhaps it is Arkansas’s turn to address the use of avoided costs as a tool for 

addressing future environmental impacts from power generation.  The FERC ruling 

in California that a multi-tiered rate structure is consistent with avoided cost 

requirements under PURPA is a hopeful sign.  The state must acknowledge that all 

sides in the clean energy debate share an interest in providing energy in a 

sustainable fashion for the long-term benefit of producers and customers alike.  If 

the Commons has any significance for us, it means that a healthy business climate 

depends on protecting the value of the natural resources that we all share.   
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     Appendix A. Projected Avoided Costs for Arkansas Utilities, 2011-2025 

Case: 
AR Policy Case Revised - 

5/26/2010             

                  
All costs in 

constant 2007 

dollars. 
                

                  
Category Notes Units 2011 2012 2013 2014 2015 2016 2017 2018 2019 2020 2021 2022 2023 2024 2025 

Customer 

Sales 
RS-1 GWh 46,290 46,555 46,352 48,574 48,473 48,421 48,298 48,239 48,217 48,277 48,232 48,171 48,114 48,071 48,030 

Total 

Customer 

Revenue 

RS-2 M$ 3,105 3,163 3,494 3,752 3,803 3,862 3,915 3,981 4,043 4,100 4,138 4,185 4,227 4,293 4,352 

Average 

Customer 

Cost 

" ¢/kWh 6.71 6.79 7.54 7.72 7.85 7.98 8.10 8.25 8.39 8.49 8.58 8.69 8.78 8.93 9.06 

Energy 

Requirement 
RS-3 GWh 52,476 52,777 52,546 55,065 54,950 54,892 54,752 54,685 54,660 54,728 54,678 54,608 54,544 54,495 54,448 

In-State 

Generation 
RS-4 GWh 59,745 60,087 59,825 62,693 62,562 62,496 62,337 62,260 62,232 62,309 62,252 62,173 62,099 62,044 61,990 

Out-of-State 

Generation  
GWh -7,269 -7,311 -7,279 -7,628 -7,612 -7,604 -7,584 -7,575 -7,572 -7,581 -7,574 -7,565 -7,556 -7,549 -7,542 

Total Energy 

Provided  
GWh 52,476 52,777 52,546 55,065 54,950 54,892 54,752 54,685 54,660 54,728 54,678 54,608 54,544 54,495 54,448 

Capacity 

Requirement 
RS-5 MW 10,987 11,050 11,002 11,529 11,505 11,493 11,464 11,450 11,445 11,459 11,448 11,434 11,420 11,410 11,400 

In-State 

Capacity 
RS-6 MW 15,842 15,922 16,899 16,909 16,926 16,572 16,218 15,865 15,511 15,138 14,744 14,351 13,957 13,675 13,795 

Out-of-State 

Capacity  
MW -4,855 -4,872 -5,897 -5,380 -5,420 -5,079 -4,755 -4,415 -4,067 -3,679 -3,296 -2,917 -2,537 -2,265 -2,395 

Total 

Capacity 

Provided 
 

MW 10,987 11,050 11,002 11,529 11,505 11,493 11,464 11,450 11,445 11,459 11,448 11,434 11,420 11,410 11,400 

Avoided 

Resource Cost 
RS-7 ¢/kWh 4.68 5.72 7.43 8.23 8.42 8.60 8.77 8.97 9.12 9.18 9.21 9.29 9.34 9.50 9.70 

Avoided 

Capacity Cost 
RS-8 

$/kW-

yr 
68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 68.3 

 
RS-9 ¢/kWh 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 1.24 

Avoided 

Energy Only 

Cost 

RS-10 ¢/kWh 3.44 4.48 6.19 6.99 7.17 7.35 7.53 7.72 7.87 7.94 7.97 8.05 8.10 8.26 8.45 
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Appendix A. Projected Avoided Costs for Arkansas Utilities, 2011-2025, Table Notes 

 

Notes RS-1 Actual customer usage.     

 RS-2 Includes retail adder with embedded T&D.   

 RS-3 Includes losses and internal use.    

 RS-4 Based on in-state capacity.    

 RS-5 Includes reserve margin.     

 RS-6 Maintains existing mix of in-state and out-of-state resources.  

 RS-7 Avoided production costs (fuel, O&M, CO2) for all resources, plus levelized capital costs for 

new ones. 

 RS-8 Capacity cost based on a peaker.    

 RS-9 Converted to energy cost equivalent using system load factor.  

 RS-9 Total avoided resource cost less capacity cost.   
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Appendix B. Recent Coal Prices and Projected Growth Rates   

 

Sub bituminous Coal 

    

Year Nominal  2.5 % growth 5.14% growth Real  

2.5 % 

growth 

5.14% 

growth 

2003 7.73 

  

8.21 

  2004 8.12 

  

8.39 

  2005 8.68 

  

8.68 

  2006 9.95 

  

9.64 

  2007 10.69 

  

10.06 

  2008 12.31 

  

11.33 

  2009 13.35 

  

12.18 

  2010 13.99 

  

12.64 

  2011 14.77 14.34 14.71 13.19 12.96 13.29 

2012 15.60 14.70 15.47 13.77 13.28 13.97 

2013 16.47 15.07 16.26 14.37 13.61 14.69 

2014 17.39 15.44 17.10 15.00 13.95 15.45 

2015 18.36 15.83 17.97 15.66 14.30 16.24 

2016 19.39 16.22 18.90 16.35 14.66 17.07 

2017 20.47 16.63 19.87 17.06 15.02 17.95 

2018 21.62 17.05 20.89 17.81 15.40 18.88 

2019 22.83 17.47 21.96 18.59 15.79 19.85 

2020 24.10 17.91 23.09 19.41 16.18 20.87 

2021 25.45 18.36 24.28 20.26 16.58 21.94 

2022 26.87 18.81 25.53 21.14 17.00 23.07 

2023 28.37 19.29 26.84 22.07 17.42 24.25 

2024 29.96 19.77 28.22 23.04 17.86 25.50 

2025 31.63 20.26 29.67 24.04 18.31 26.81 



67 

 

 

 

  

0

5

10

15

20

25

30

Projected Coal Prices with Varying Rates of 

Growth 

Real 2.5 % growth 5.14% growth



68 

 

Table 103. Average Annual Minemouth Coal Prices by 

Region, 1990-2035 (2009 dollars per million Btu) 

 

Appalachia Interior West U.S. Average 
1990 1.74 1.63 0.98 1.51 

1991 1.67 1.60 0.96 1.45 

1992 1.59 1.55 0.92 1.39 

1993 1.53 1.44 0.87 1.30 

1994 1.49 1.38 0.81 1.25 

1995 1.46 1.29 0.76 1.19 

1996 1.40 1.24 0.74 1.14 

1997 1.37 1.19 0.69 1.10 

1998 1.35 1.19 0.62 1.06 

1999 1.28 1.20 0.60 1.00 

2000 1.27 1.18 0.60 0.98 

2001 1.33 1.26 0.62 1.02 

2002 1.36 1.24 0.64 1.03 

2003 1.35 1.21 0.64 1.02 

2004 1.57 1.24 0.65 1.11 

2005 1.84 1.32 0.68 1.26 

2006 1.90 1.40 0.72 1.29 

2007 1.90 1.45 0.76 1.31 

2008 2.39 1.63 0.85 1.56 

2009 2.56 1.82 0.90 1.67 

2010 2.74 1.91 0.98 1.80 

2011 2.68 1.88 0.95 1.74 

2012 2.63 1.92 0.92 1.68 

2013 2.63 1.94 0.92 1.66 

2014 2.59 1.94 0.92 1.64 

2015 2.56 1.91 0.93 1.62 

2016 2.54 1.93 0.94 1.62 

2017 2.57 1.95 0.95 1.63 

2018 2.60 1.94 0.95 1.63 

2019 2.62 1.93 0.96 1.63 

2020 2.65 1.93 0.97 1.65 

2021 2.67 1.91 0.99 1.64 

2022 2.68 1.93 1.01 1.65 

2023 2.68 1.94 1.02 1.66 

2024 2.69 1.98 1.04 1.68 

2025 2.69 1.98 1.05 1.68 

2026 2.70 2.01 1.06 1.70 

2027 2.71 2.00 1.07 1.69 

2028 2.71 2.00 1.09 1.68 

2029 2.71 2.00 1.11 1.69 

2030 2.71 2.00 1.12 1.69 

2031 2.72 2.00 1.14 1.70 

2032 2.73 2.02 1.15 1.71 

2033 2.73 2.03 1.16 1.72 

2034 2.72 2.06 1.18 1.72 

2035 2.73 2.07 1.19 1.73 



 

69 

  

 

  



 

70 

 

Appendix C 

REMI Economic Impact Modeling
97

 
 

 

The REMI Policy Insight (PI+) model, developed by Regional Economic Models 

Inc., is a structural economic model that analyzes the “cause-and-effect” of policy 

scenarios using mainstream economic theory: i.e., households are assumed to 

maximize their utility and producers maximize their profits.  PI+ is the next 

generation of REMI modeling—it generates realistic year-by-year estimates of the 

total regional effects of any specific policy initiative.  A wide range of policy 

variables allows the user to represent almost any policy and the explicit structure in 

the model helps the user to interpret the predicted economic and demographic 

effects.  The model is calibrated to many sub-national areas for policy analysis and 

forecasting, and is available in single- and multi-area configurations.  Each 

calibrated area (or region) has economic and demographic variables, as well as 

policy variables so that any policy that affects a local economy can be tested.  The 

current REMI PI+ model for Arkansas is a five-region model composed of seventy 

different economic industries. 

 

 

 
Figure C-1: REMI Economic Impact Methodology 

                                                      
97

 Appendix C is based on REMI model description by Regional Economic Models Inc., (REMI), REMI Policy 

Insight 9.5: User Guide, Amherst, MA, 2007. 
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PI+ models enable users to analyze policy initiatives to reveal their economic and 

demographic effects.  Figure C-1 shows a schematic sketch of the REMI Policy 

Insight Model.  To analyze a policy initiative using the REMI methodology, 

baseline values for all policy variables are used in conjunction with the PI+ model 

of the economy to develop a control forecast.  A policy change is then analyzed by 

specifying the policy, identifying and quantifying appropriate policy variables, and 

using a REMI model to estimate an alternative forecast.  A comparison of the 

alternative and control forecasts identifies the economic and demographic impacts 

of the policy change. 

 

In the PI+ model, businesses produce goods and services to sell to other firms, to 

consumers, to investors, to governments and to purchasers outside the region.  The 

firms’ output is produced using labor, capital, fuel and intermediate inputs.  The 

demand for labor, capital and fuel per unit of production depends on their relative 

costs.  The productivity of labor and intermediate inputs depends on the access to 

them.  The supply of labor in the model depends on the number of people in the 

population and the proportion of those people who participate in the labor force.  

Economic migration affects the population size.  People will move into an area if 

the real, after-tax wage rates, the likelihood of being employed, and the access to 

consumer goods increases in a region. 

 

Supply and demand for labor determine the wages rates.  Wage rates, along with 

other prices and productivity, determine the cost of doing business for every 

industry in the model.  An increase in the cost of doing business causes an increase 

in production costs and the price of the goods and services, which will decrease the 

share of the domestic and foreign markets supplied by local firms.  The market 

share combined with the demand determines the amount of local output. 

 

PI+ is used by government agencies (including most U.S. state governments), 

consulting firms, nonprofit institutions, universities, and public utilities.  Model 

simulations estimate comprehensive economic and demographic effects in wide-

ranging initiatives such as: economic impact analysis; policies and programs for 

economic development, infrastructure, environment, energy and natural resources; 

and state and local tax changes.  Articles about the model equations and research 

findings have been published in professional journals such as the American 

Economic Review, the Review of Economic Statistics, the Journal of Regional 

Science, and the International Regional Science Review. 
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Appendix D.  Detailed Output from the REMI and EIO-LCA Modeling 
Emissions From 26 Years of Operations By Fuel Type  and Power Plant 

Direct Emissions of CO2, SO2, and NOx By Type of Fuel and Power Plant CO2 Emission  From Life Cycle 

Fuel Plant Capacity CO2  SO2 NOx Indirect CO2 Total CO2 

  Units 

Net 

Generation/

YR MT MT MT MT MT 

Coal IGCC/CCs 500 MWH 93,161,522 67,836 33,918 

           

12,232,667            105,394,189  

Coal 

Advanced 

Pulverized Coal 500 MWH 114,059,019 55,368 33,221 

             

9,772,396            123,831,415  

NG 

Conventional 

NGCC 500 MWH 33,755,159 289 2,164 

             

5,227,796              38,982,956  

Wood Biomass CC 20 MWH 4,229,538 0 2                 

450,298  

              4,679,837  

Wood  

25 Biomass CC 

Plants 500 MWH 105,738,462 0 40 

          

2,251,492            107,989,954  

Wind  Purchase 500 MWH 0 0 0 8,975,925 8,975,925 

Baseline 

REMI Utility 

Industry         1,617,841  

                    

374                254  

             

933,978                2,551,819  

Emissions From 26 Years of Operations By Fuel Type  and Power Plant 

Indirect Emissions of CO2, SO2, and NOx By Type of Fuel and Power Plant 

Fuel Plant 

Haz Waste 

Gen Fugitive Stack Total Air 

Surface 

Water 

U'ground 

Water Land Offsite 

POTW 

Metal N2CO 

  Units st  kg  kg  kg  kg  kg  kg  kg  kg  MT 

Coal IGCC/CCs 

                    

279,978,216  

           

6,527  

        

1,404,704  

             

1,411,240  

             

7,411  

                    

5,867  

                    

882,772  

           

175,035  

                             

173  

                    

92.0  

Coal ACP 

                    

232,446,722  

           

5,241  

        

1,118,018  

             

1,123,265  

             

5,888  

                    

5,023  

                    

737,307  

           

140,149  

                             

136  

                    

73.2  

NG 

Conventional 

NGCC 

                    

235,981,573  

           

4,431  

           

596,639  

                

601,073  

             

2,845  

                    

4,717  

                    

365,032  

             

81,021  

                             

119  

                    

38.9  

Wind Purchase 

                    

153,102,837  

           

3,466  

        

1,045,665  

             

1,049,137  

             

5,042  

                    

3,204  

                    

526,006  

           

127,045  

                               

89  68.5                      

Wood Biomass CC 

                      

10,997,987  

              

266  

             

50,637  

                   

50,904  

                 

261  

                        

243  

                       

25,654  

               

6,403  

                                 

7  3.4                         

Wood  

25 Biomass 

CC Plants 

                

274,949,675  

        

6,661  

      

1,265,930  

          

1,272,598  

           

6,529  

                 

6,083  

                 

641,350  

        

160,063  

                        

185  

                 

85.2  

Baseline 

REMI Utility 

Industry 

                

134,425,805  

        

2,437  

           

55,512  

               

57,949  

              

432  

                 

3,176  

                 

107,057  

          

14,854  

                         

60  13.0                  
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REMI Inputs 

Coal IGCC/CS     

Utility Sales  $      271,000,000  per year 

2015-

2040 

Construction  $      783,518,667  per year 

2011-

2014 

        

        

Coal APC     

Utility Sales  $          271,000,000  per year 

2015-

2040 

Construction  $          417,966,250  per year 

2011-

2014 

  

 

    

NG       

Utility Sales  $          271,000,000  per year 

2015-

2040 

Construction  $              9,200,559  per year 

 2012-

2014  

NG & Oil 

Extraction  $           51,400,000  

per year 

(average) 

2015-

2040 

        

Biomass       

Utility Sales $            10,203,648  per year 

2015-

2040 

Construction   $           42,545,333  per year 

2011-

2014 

        

Baseline        

Utility   $         271,000,000  per year 

2015-

2040 

        

Wind Power       

Utility Sales  $          257,482,680 per year 

2015-

2040 

Construction  $              6,716,667  per year 

2011-

2014 
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The Following Two-Page Table Contains Data on the Energy Technologies That Were Input to 

the EIO-LCA Model. 

 

 
 

 

Coal Coal Natural Gas

Power Plant IGCC with CCS Power Plant ACP Power Plant NGCC

Name Plate Capacity 520 MWH Name Plate Capacity 650 MWH Name Plate Capacity                       540 MWH

Heat Rate of Plant                 10,700 BTU/KWH Heat Rate of Plant                   8,800 BTU/KWH Heat Rate of Plant                    7,050 BTU/KWH

Heat Content of Fuel                   8,652 BTU/IB Heat Content of Fuel                   8,652 BTU/IB Heat Content of Fuel             1,027,000 BTU/MCF

KWH per Unit of Fuel                   1,617 KWH/STON KWH per Unit of Fuel                   1,966 KWH/STON KWH per Unit of Fuel                       146 KWH/MCF

Annual Power Generation

Annual Power Generation 

Capacity 650 MWH

Annual Power Generation 

Capacity

 Load Factor 0.85  Load Factor 0.85  Load Factor 0.85

Power Generation               442,000  KWH Power Generation               552,500  KWH Power Generation                459,000 KWH

Power Generation Per Yr     3,871,920,000  KWH per YR Power Generation Per Yr     4,839,900,000  KWH per YR Power Generation Per Yr      4,020,840,000 KWH per YR

Annual Fuel Consumption            2,394,218 STON per YR Annual Fuel Consumption            2,461,345 STON per YR Annual Fuel Consumption           27,601,677 MCF per YR

Capital Costs Capital Costs Capital Costs

Overnight Capital Cost  $               5,318 $/KWH Overnight Capital Cost  $               3,026 $/KWH Overnight Capital Cost  $                   912 $/KWH

Total Capital Costs  $ 2,350,556,000 Total Capital Costs  $ 1,671,865,000 Total Capital Costs  $     418,608,000 

Emissions Emissions Emissions

Rate per MMBTU Rate per MMBTU Rate per MMBTU

CO2 18.7 IB/MMBTU CO2 206 IB/MMBTU CO2 117 IB/MMBTU

SO2 0.0105 IB/MMBTU SO2 0.01 IB/MMBTU SO2 0.001 IB/MMBTU

NOx 0.049 IB/MMBTU NOx 0.06 IB/MMBTU NOx 0.0075 IB/MMBTU

Direct Emission per YR Direct Emission per YR Direct Emission per YR

CO2            3,583,135  MT CO2            4,386,885  MT CO2             1,298,275 MT

SO2                   2,609  MT SO2                   2,130  MT SO2                         11 MT

NOx                   1,305  MT NOx                   1,278  MT NOx                         83 MT

Coal Coal Coal

Revenues (Output) $271,034,400 per Yr Revenues (Output) $271,034,400 per Yr Revenues (Output) $271,034,400 per Yr

Normal Capacity (Net) 

(Assumed) 500 MWH

Normal Capacity (Net) 

(Assumed) 500 MWH

Normal Capacity (Net) 

(Assumed) 500 MWH

Load Factor (Adjusted) 85% Load Factor (Adjusted) 85% Load Factor (Adjusted) 85%

Net Generation 425 MWH Net Generation 425 MWH Net Generation 425 MWH

Net Generation per YR     3,723,000,000 KWH per YR Net Generation per YR     3,723,000,000 KWH per YR Net Generation per YR      3,723,000,000 KWH per YR

Price per KHW 7.28 

cents per 

KWH Price per KHW 7.28 

cents per 

KWH Price per KHW 7.28 

cents per 

KWH

Technical Coefficients

costs/per 

$Output Technical Coefficients

costs/per 

$Output Technical Coefficients costs/per $Output

Natural Gas 0 Natural Gas 0 Natural Gas 0.456235 

Coal 0.11263 Coal 0.11579 Coal 0.00000

Fuel Costs to Output 

Shares

Fuel Costs to Output 

Shares

Fuel Costs to Output 

Shares

Natural Gas $0.00 Natural Gas $0.00 Natural Gas $123,655,512 

Coal $30,526,276.35 Coal $31,382,153.26 Coal $0.00 

Cost of WY Coal 2010  $               12.75 STON Cost of WY Coal 2010  $               12.75 STON Cost of WY Coal 2010  $                12.75 STON

Costs of NG AR 2010  $                 4.48 MCF Costs of NG AR 2010  $                 4.48 MCF Costs of NG AR 2010  $                  4.48 MCF

Fuel Usage Fuel Usage Fuel Usage

Coal            2,394,218 STON Coal            2,461,345 STON Natural Gas           27,601,677 MCF
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Biomass (Wood) Wind Power Base Case REMI

Power Plant BCC Power Plant Power Plant Utility Industry

Name Plate Capacity                       20 MWH Normal Capacity (Net) Normal Capacity (Net) 500 MWH

Heat Rate of Plant                12,350 BTU/KWH Heat Rate of Plant Heat Rate of Plant

Heat Content of Fuel           9,000,000 BTU/ST Heat Content of Fuel Heat Content of Fuel 

KWH per Unit of Fuel                     729 KWH/BTU KWH per Unit of Fuel KWH per Unit of Fuel

Annual Power Generation

Annual Wind Power  

Purchased    3,723,000,000 KWH Annual Power Generation

 Load Factor 0.85 Line Loss 5% KWH  Load Factor 

Power Generation                17,000 KWH Power Generation

Power Generation Per Yr       148,920,000 KWH per YR

Net Power Generation Sold 

Per Yr    3,536,850,000 Power Generation Per Yr

Annual Fuel Consumption              204,351 STON per YR Annual Fuel Consumption Annual Fuel Consumption

Capital Costs

Capital Costs (Transmission 

Lines) Capital Costs

Overnight Capital Cost  $              7,508 $/KWH Overnight Capital Cost  $          130,000 

per 

mile Overnight Capital Cost

Total Capital Costs  $   127,636,000 Total Capital Costs  $     40,300,000 Total Capital Costs

Emissions Emissions Emissions (estimate)

Rate per MMBTU Rate per MMBTU Rate per MMBTU

CO2 195 IB/MMBTU CO2 0 CO2 103.517 IB/MMBTU

SO2 0 IB/MMBTU SO2 0 SO2 0.003 IB/MMBTU

NOx 0.054 IB/MMBTU NOx 0 NOx 0.008 IB/MMBTU

Direct Emission per YR Direct Emission per YR Direct Emission per YR

CO2              162,675 MT CO2                        -   CO2           1,617,841 MT

SO2                        -   MT SO2                        -   SO2                     374 MT

NOx                    0.06 MT NOx                        -   NOx                     254 MT

Biomass Wind Power Biomass

Revenues (Output) $10,841,376 per YR Revenues (Output) $257,482,680 per YR Revenues (Output)  $   271,034,400 per YR

Normal Capacity (Net) 

(Assumed) 20 MWH

Normal Capacity (Net) 

(Assumed) Name Plate Capacity 500 MWH

Load Factor (Adjusted) 85% Load Factor (Adjusted) Load Factor (Adjusted) 0.85

Net Generation 17 MWH Net Generation Net Generation 425 MWH

Net Generation per YR       148,920,000 KWH per YR Net Generation per YR Net Generation per YR 3,723,000,000 KWH per YR

Price per KHW 7.28 

cents per 

KWH Price per KHW (Cents/KWH) 7.28 KWH Price per KHW 7.28 

cents per 

KWH

Technical Coefficients

costs/per 

$Output Technical Coefficients

costs/per 

$Output Technical Coefficients

costs/per 

$Output

Forestry and logging; Fishing, 

hunting, and trapping 0.145347997 Natural Gas 0.200610 

Agriculture and forestry 

support activities; Other 0.0009036 Coal 0.03262

Oil and gas extraction 0.000297 Fuel Costs to Output Shares

Fuel Costs to Output 

Shares

Fuel Costs to Output Shares Natural Gas $54,372,101

Wood $1,483,590.66 per YR Coal $8,841,143

Stumpage Price $7.26 STON Cost of WY Coal 2010  $              12.75 STON

Costs of NG AR 2010  $                4.48 MCF

Fuel Usage

Fuel Usage Fuel Usage Natural Gas         12,136,630 MCF

Wood              204,351 STON  per YR Coal              693,423 STON
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Appendix E. Economic Dispatch Models of Avoided Costs 

 

Economic dispatch models are used by numerous energy interests from power 

providers to empirically-inclined researchers.  Simply stated, this model 

determines which generators should be “dispatched” at certain times depending 

upon load factors both current and future.  In most instances, energy generation is 

cannot be started immediately but, has a lag time from start-up to energy 

production.  Because of this, dispatch models purport to forecast the load needs in 

the coming hours, days, and weeks and can also determine factors previously 

experienced.  A University of Cambridge study defines a general economic 

dispatch model as “(s)pecifically, the energy dispatch model mimics a perfectly 

competitive electricity market by dispatching generators to minimize the hourly 

operating cost of electricity generation for representative two‐week periods 

throughout the year.”
98

 

 

Entergy utilizes an economic dispatch model as a system-wide tool for calculating 

avoided costs to pay QFs.  Done on an after-the-fact basis, this model allows 

Entergy to pay the QF for energy provided to one of the operating companies.  

Initially, Entergy calibrates the model to the actual operating conditions and 

limitations of the companies generating units.
99

  The next step in the process 

removes the costs associated with off-system sales.  The last step looks at what 

energy would have been used to supply the operating companies had the QFs not 

supported the load factor required.  Doing this on an-after-the-fact basis provides 

Entergy with the ability to accurately determine the electricity used and offer 

sufficient payments.   

 

In each one of these steps, the dispatch model is used in a different way.  Firstly, as 

noted above, the dispatch model is calibrated.  In its second function, the dispatch 

model re-dispatches determining and removing the off-system sales by backing 

down the most expensive sources.  In short, “[t]his re-dispatch removes the 

                                                      
98 “Integrating Renewables into the Grid: An Energy Dispatch Model,” Nick Huber, University of Cambridge, 

2011. 

99 Direct testimony of J. Stephen Dingle, Manager, Regulatory Strategy, Entergy Services, Inc. before the APSC, 

Docket No. 04-1 13-U, Feb. 17, 2005. 
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costs that the System incurred to make off-System sales, which is appropriate 

because EAI’s [Entergy Arkansas] retail customers bear none of the fuel and 

variable O&M costs associated with these off-System sales, and thus these are not 

costs that can be avoided by the presence of the QF Put.”
100

 

 

The last function of the dispatch model determines, within the operating company, 

what resources would have been used had the QF not put any energy into the 

system.  “The difference in the fuel and purchased power costs between 

these two cases, divided by the amount of the QF Put, is the avoided cost on a 

dollar per MWh basis.”
101

   

 

  

                                                      
100 Ibid. 

101 Ibid. 
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Appendix F.  

Lifecycle Comparison of Power Plant Emissions by Fuel Sources 

Summary of Methodology and Findings  

Gregory Hamilton, Ph.D. 

Institute for Economic Advancement  

University of Arkansas at Little Rock  

 

Step 1 Determine power plants fuel usage by fuel type KWH/Unit of Fuel 

 Basic Relationships 

  HR: Heat Rate of Plant = BTU/KWH 

  HC: Heat Content of Fuel =BTU/Unit of Fuel (UF) 

   KWH/UF = HC/HR = BTU/UF/BTU/KWH = KWH/UF 

 

 

 

Step 2 Compute Power Generations and Fuel Usage per Year 

Power Generation per Year  

 (Load Factor)*(Normal Capacity “Name Plate Capacity”)*(Hours Per Year) 

 (%)*(MWH)*(24*365)= MHW per YR 

 

Power Plant IGCC with CCS ACP NG Biomass Wind Power Standard

Normal Capacity (Net) 520 650 540           20 500 500

Heat Rate of Plant 10,700            8,652   7,050        12,350       

Heat Content of Fuel 8,652              1,966   1,027,000  9,000,000   

KWH per Unit of Fuel 1,617              1,966   146           729            

UF

COAL STON

NG MCF

Wood STON

IGCC with CCS ACP NG Biomass Wind Power Standard

Name Plate (Net)Capacity 520 650 540 20

 Load Factor 85% 85% 85% 85%

Power Generation 442,000 552,500 459,000 17,000

Power Generation Per Yr 

(KWH/YR) 3,871,920,000 4,839,900,000 4,020,840,000 148,920,000



 

79 

 

Annual Consumption of Fuel = KWH/YR/KWH/UF=UF/YR 

 

Capital Costs 

 

From EIA 2010 Capital Costs Update 

 

 

 

Emissions Per Year 

 

To compute direct emissions (MT/YR) from EIA data on rate on emissions (IB/MMBTU) 

 Steps 

  Annual Consumption of Fuel =CUF/YR convert to CIBS/YR  (NG is a little different) 

  HC=Heat Content of Fuel  = BTU/IBS   (For  NG 1,027,000 BTU = 1MCF) 

  BTU/YR = HC*(CIBS/YR) and then convert into MMBTU/YR  by dividing by 10^6. 

  Emission per toxin is IBS/MMBTU 

  Emission per YR = IBS/YR = (MMBTU/YR)*(IBS/MMBTU) 

 

 

IGCC with CCS ACP NG Biomass Wind Power 

Annual Consumption of 

Fuel 2,394,217.75   2,461,345.35 27,601,676.73 204,351.33 

STON/YR STON/YR MCF/YR STON/YR

IGCC with CCS ACP NGCC Biomass Wind Standard (REMI)

Capital Costs

Overnight Capital Cost ($/KWH) 5,318$                3,026$               912$               7,508$            

Total Capital Costs 2,350,556,000$    1,671,865,000$  418,608,000$  127,636,000$  40,300,000$   

Emmissions (estimate)

Rate per IB/ MMBTU IGCC with CCS ACP NGCC Biomass Wind Standard (REMI)

CO2 18.70 206 117 195 0 103.517

SO2 0.01 0.010 0.001 0 0 0.003

NOx 0.05 0.060 0.008 0.054 0 0.008

Direct Emmission per MT/YR

CO2 3,583,135 4,386,885 1,298,275 162,675 0 1,617,841

SO2 2,609 2,130 11 0 0 374

NOx 1,305 1,278 83 0 0 254
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Estimates of Direct Emissions by Toxin 

 

 

 

Step 3 Modification of the Production Function 

Base on power plant, fuel, annual consumption, and assumed fixed prices for fuels and electricity 

 Estimated the technical coefficients for production (costs/per $ of output) 

In essences, interindustry purchases will vary to reflect differences in fuel costs by fuel type used 

for power generation.  In effect, this caused VA to vary as the balancing item.  The net effect was 

to have VA decline as fuel costs rose and to increase when fuel costs declined. This had 

implication in the variation in the economy’s outcomes in the REMI analysis even though total 

utility revenues were held constant.  

 Wood –Biomass used some technical coefficients from Implan for pulp processing 

Transportation cost margins were also used to adjust the coefficient’s differences in transportation 

modes and cost shares across NG and coal. 

(See Table 1 Power Plant Characteristic in workbook “emission Estimates 2015-2040 by fuel and 

power plant.xls 

Step 4 Revenue Estimate 

Revenues were held constant and equal throughout the analysis.  Thus, variation in outcome came from 

the differential effects in the interindustry purchases, construction, and VA. 

 

 

 

Fuel Plant Net Generation/YR CO2 SO2 NOx

Coal IGCC/CCs 500 MWH 3,583,135 2,609.1 1,304.5

Coal ACP 500 MWh 4,386,885 2,129.6 1,277.7

NG Conventional NGCC 500 MWH 1,298,275 11.10                                   83.22                                     

Wood Biomass CC 20 MWH 162,675 0.0 0.1

Wood 25 Biomass CC Plants 500 MWH 4,066,864 0 2

All Emissions are in Metric Tons per Year

Annual Direct Emmissions of CO2, SO2, and Nox By Type of Fuel and Power Plant

Revenues (Output) $271,034,400 per Yr

Normal Capacity (Net) (Assumed) 500 MWH

Load Factor (Adjusted) 85%

Net Generation 425 MWH

Net Generation per YR          3,723,000,000 

KWH 

per YR

Price per KHW 7.28 

cents 

per 

KWH
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Step 5 REMI Inputs 

 

 

 

 

Coal IGCC/CS

Utility Sales 271,000,000$       per year 2015-2040

Construction 783,518,667$       per year 2011-2014

Coal APC

Utility Sales 271,000,000$       per year 2015-2040

Construction 417,966,250           per year 2011-2014

NG

Utiltiy Sales 271,000,000$       per year 2015-2040

Construction 9,200,559$           per year 2012-2014

NG & Oil Extraction $51.4 million per year (average) 2015-2040

Boimass

Utility Sales $10,203,648 per year 2015-2040

Construction 42,545,333           per year 2011-2014

Baseline 

Utility 271,000,000$       per year 2015-2040

Wind Power

Utility Sales 257,482,680$         per year 2015-2040

Construction 6,716,667$             per year 2011-2014

REMI Inputs
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Step 6 Indirect Emissions by Type and Industry 

Emissions MT per million $ of output by Industry (REMI Industry) 

 

 

 

 

 

  

Emissions By Type
Per Million in Output 

by Industry
Description

Green House Total t CO2e 

CO2 Fossil t CO2e 

CO2 Process t CO2e 

CH4 t CO2e 

N2O t CO2e 

HFC/PFCs t CO2e

HazWast Haz Waste Gen st 

Toxic Waste Fugitive kg 

Stack kg 

Total Air kg 

Surface Water kg 

U'ground Water kg 

Land kg 

Offiste kg 

POTW Metal kg 

POTW Nonmetal kg 

Indirect Emissions by Industry: Life Cycle
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Step 7 The Analysis 

 

 

 

 

 

 

 

 

 

Flow Chart of Life Cycle Analysis

Power Plant Construction

by fuel source

Power Plant Operation

2015-2040

Annual Direct Emission 

Estimation 

REMI Model's Inputs

REMI Analysis 

REMI Output

Life Cycle Emissions 

Analysis

Annual Emissions Indirect
Annual Direct Emission 

Estimation 

Total Emission CO2
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Total Emissions of CO2 

 

Indirect Life Cycle Emissions 

 

 

References: 

“Updated Capital Cost Estimates for Electricity, Generation Plants,” November 2010. 

U. S. Energy Information Administration, Office of Energy Analysis, U.S. Department of 

Energy, Washington, DC 20585. 

 

 

 Direct Emmissions of CO2, SO2, and Nox By Type of Fuel and Power Plant CO2 Emmission  From Life Cycle

Fuel Plant Capacity CO2 SO2 NOx Indirect CO2 Total CO2

Units

Net 

Generation/

YR MT MT MT MT MT

Coal IGCC/CCs 500 MWH 93,161,522 67,836 33,918 12,232,667          105,394,189          

Coal ACP 500 MWh 114,059,019 55,368 33,221 9,772,396             123,831,415          

NG Conventional NGCC 500 MWH 33,755,159 289 2,164 5,227,796             38,982,956            

Wood Biomass CC 20 MWH 4,229,538 0 2 450,298                4,679,837              

Wood 25 Biomass CC Plants 500 MWH 105,738,462 0 40 2,251,492          107,989,954          

Baseline REMI Utility Industry 1,617,841      374                    254              933,978             2,551,819              

Emmisions From 26 Years of Operations By Fuel Type  and Power Plant

Fuel Plant Haz Waste Gen Fugitive Stack Total Air Surface Water

U'ground 

Water Land Offiste POTW Metal POTW Nonmetal
Units st kg kg kg kg kg kg kg kg kg 

Coal IGCC/CCs 279,978,216            6,527                                1,404,704  1,411,240        7,411                     5,867             882,772                175,035                     173                  7,973                          

Coal ACP 235,981,573            4,431                                596,639      601,073           2,845                     4,717             365,032                81,021                       119                  4,226                          

NG Conventional NGCC10,997,987              266                                    50,637        50,904             261                        243                 25,654                  6,403                         7                       318                             
Wood 25 Biomass CC Plants274,949,675          6,661                           1,265,930  1,272,598      6,529                 6,083           641,350             160,063                 185               7,951                      

Baseline REMI Utility Industry134,425,805          2,437                           55,512       57,949           432                    3,176           107,057             14,854                   60                 1,768                      

Emmisions From 26 Years of Operations By Fuel Type  and Power Plant

Indirect Life Cycle Emissions


